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What you need to know to make a submission

What this consultation paper is about

This consultation paper presents the Electricity Authority’s (Authority) latest set of
‘omnibus’ changes to the Electricity Industry Participation Code 2010 (Code): the Code
Review Programme number 4 - September 2019. Consistent with the Authority's
statutory objective, the aim of these proposed changes is to promote the efficient
operation of the electricity industry for the long-term benefit of consumers. The purpose
of this paper is to consult with interested parties on the proposed changes.

Section 39(1) of the Electricity Industry Act 2010 (Act) requires the Authority to consult
on any proposed amendment to the Code and the corresponding regulatory statement.
The regulatory statement must include a statement of the objectives of the proposed
amendment, an evaluation of the proposed amendment’s costs and benefits, and an
evaluation of alternative means of achieving the proposed amendment’s objectives.

Under section 39(3)(a) of the Act, if the Authority is satisfied that a proposed amendment
is technical and non-controversial, the Authority need not provide a regulatory statement
or consult on the proposed amendment. Appendix C is a table of proposed changes that
the Authority is satisfied are technical and non-controversial. Although the Authority is
not required to consult on the technical and non-controversial changes, it invites
comment on all proposals in the Code Review Programme number 4 - September 2019.

For each discrete proposal, the regulatory statement (where required) is included in the
relevant table for the proposed amendment in Appendix B.

How to make a submission

The Authority’s preference is to receive submissions in electronic format (Microsoft
Word) in the format shown in Appendix A. Submissions in electronic form should be
emailed to submissions@ea.govt.nz with “Consultation Paper— Code Review
Programme number 4 - September 2019” in the subject line.

If you cannot send your submission electronically, post one hard copy to either of the
addresses below, or fax it to 04 460 8879.

Postal address Physical address

Submissions Submissions

Electricity Authority Electricity Authority

PO Box 10041 Level 7, Harbour Tower

Wellington 6143 2 Hunter Street
Wellington

The Authority will publish all submissions it receives. If you consider that we should not
publish any part of your submission, please:

(a) indicate which part we should not publish
(b) explain why you consider we should not publish that part

(c) provide a version of your submission that we can publish (if we agree not to
publish your full submission).


mailto:submissions@ea.govt.nz
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If you indicate there is part of your submission that should not be published, we will
discuss with you before deciding whether to not publish that part of your submission.

However, please note that all submissions we receive, including any parts of
submissions that we do not publish, can be requested under the Official Information Act
1982 (OIlA). This means we would be required to release parts of submissions that we
did not publish unless good reason existed under the OIA to withhold it. We would
normally consult with you before deciding whether to release parts of submissions that
you considered we should not publish.

When to make a submission
Please deliver your submissions by 5pm on Tuesday 5 November 2019.

The Authority will acknowledge receipt of all submissions electronically. Please contact
the Submissions’ Administrator if you do not receive electronic acknowledgement of your
submission within two business days.
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Code Review Programme number 4 — September
2019

This is the fourth Code Review Programme

The Code Review Programme number 4 - September 2019 is the fourth Code Review
Programme and the latest set of ‘omnibus’ changes the Authority proposes to make to
the Code.

Ordinarily, Code change proposals have a single theme. These omnibus proposals allow
the Authority to make a number of relatively small amendments, each with a different
theme, all at once.

The Authority considers that the omnibus approach allows it to use its resources
efficiently, and that the Code will benefit from improvements that might not otherwise
have been possible.

This Code Review Programme number 4 - September 2019 also includes a standalone
proposal to correct minor typographical errors in the Code. These errors include
outdated cross-references, incorrect headings, incorrectly bolded terms, and other minor
drafting errors. The proposal to correct the errors is found in Appendix C.

The proposals are set out in Appendix B

The 13 Code change proposals are set out in Appendix B and each table has a unique
reference number in its top row. Because each proposal is discrete from the others, the
Authority has described and analysed each one separately. This means the format of
this consultation paper is different from the consultation papers the Authority usually
publishes.

For each proposal, there is a problem definition, a proposed solution (including proposed
Code drafting), and an assessment against the Authority's statutory objective, section
32(1) of the Act, and the Authority's Code amendment principles. Apart from the
proposals the Authority considers are technical and non-controversial, each proposal
also includes a regulatory statement.

Because each proposal stands on its own, some may proceed while others may not.
Showing the draft changes separately allows submitters to assess how each proposed
amendment would affect Code obligations.

The table below shows the list of topics addressed by each proposed amendment.

Table 1: List of proposed amendments

Reference | Topic Page
number

2019-01 Revised timeframe for distributors to change price category 11
code information in the registry

2019-02 Returning retail market share transparency at GXPs to its 15
former level




Reference | Topic Page

number

2019-03 Requirement to provide complete and accurate information 20
under Part 8

2019-04 Improving the event of default provisions 24

2019-05 Issues with the definition and use of Historical Estimates 38

2019-06 Clarifying definition of Point of Connection 46

2019-07 Clarifying definitions of Block Security Constraint and Station | 49
Security Constraint

2019-08 Clarifying manner of providing final audit report and 55
compliance plan

2019-09 Clarifying use of “electricity supplied” in clause 15.8 58

2019-10 Improving the process for converting secondary networks 62

2019-11 Clarifying when obligations linked to clause 22 of Schedule 70
11.3 begin

2019-12 Removing provision for supply shortage declarations to 80
trigger payments under the Customer Compensation
Scheme

2019-13 Broadening the definitions of Generating Unit and Intermittent | 86

Generating Station

Source: Electricity Authority
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Regulatory Statement for the proposed amendments

As noted above, this consultation paper differs in format from the consultation papers the
Authority usually publishes. For each proposed amendment that requires a regulatory
statement, the regulatory statement is included in the relevant table for the proposed
amendment in Appendix B.

The primary economic benefit described in the regulatory statements is a reduction in
transaction costs across the industry, which is a productive efficiency benefit. Having
said this, by improving the clarity and operation of the Code, the proposed amendments
could also deliver dynamic efficiency benefits. A clear, predictable, and up-to-date set of
industry rules is good regulatory practice, and can facilitate increased participation in the
electricity markets. This in turn might be expected to facilitate all three limbs of the
Authority’s statutory objective, and provide both static and dynamic efficiency benefits to
the economy.*

A second key benefit described in the regulatory statements is an improvement in the
accuracy of information in the electricity industry. This is expected to deliver competition,
reliability and efficiency benefits, thereby promoting the three limbs of the Authority’s
statutory objective

When assessing the quantitative benefits and costs of proposed Code amendments, the
Authority typically uses a real discount rate of 6% with sensitivities of plus or minus 2%.
For the Code Review Programme number 4 - September 2019, the Authority has used a
point estimate of the discount rate, for ease of analysis. To minimise the risk of
overstating the net benefit of a proposed Code amendment, the Authority used a real
discount rate of 8%.

Static economic efficiency benefits can be broken down into allocative and productive efficiency benefits.
Allocative efficiency is achieved when the marginal value consumers place on a product or service equals
the cost of producing that product/service, so that the total of individuals’ welfare in the economy is
maximised. Productive efficiency is achieved when products and services that consumers desire are
produced at minimum cost to the economy. That is, the costs of production equal the minimum amount
necessary to produce the output. A productive efficiency loss results if the costs of production are higher
than this, because the additional resources used could instead be deployed productively elsewhere in the
economy. Dynamic efficiency is achieved by firms having appropriate (efficient) incentives to innovate and
invest in new products and services over time. This increases their productivity, including through developing
new processes and business models, and lowers the relative cost of products and services over time.



Appendix A Format for submissions

A.1  Please complete the table below for each proposed amendment on which you wish to
submit. Please include the reference number from the first row of the table in Appendix
B.

Reference 2019 -

Question 1: Do you agree with the Authority's problem definition? If not, why not?

Question 2: Do you agree with the Authority's proposed solution? If not, why not?

Question 3: Do you have any comments on the Authority's proposed Code drafting?

Question 4: Do you agree with the objectives of the proposed amendment? If not, why
not?







Appendix B Proposed amendments
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2019-01 Revised timeframe for distributors to change price category code information in the
registry

Reference 2019-01 Revised timeframe for distributors to change price category
number(s) code information in the registry

Problem definition | Problem 1

If the price category code for an installation control point (ICP)
changes, then under clause 8(1) and 8(2)(b) of Schedule 11.1 of the
Code, the distributor in whose network the ICP is located must give
the registry manager written notice of the change (using the registry)
no later than three business days after the change takes effect.

Despite this requirement, in practice a distributor may receive a
request from a trader to backdate a change to a price category code
by more than three business days. For example, a customer may
advise their trader that they have been a low user of electricity at
their ICP since they moved into the premises a couple of months
earlier.

Should the distributor agree with the proposed backdated change to
the price category code, the distributor would breach clause 8(2)(b)
of Schedule 11.1 by giving the registry manager notice of the
change. This is because more than three business days would have
passed since the change took effect.

Conversely, the distributor would breach clause 11.2 and clause 8(1)
of Schedule 11.1, if it chose not to give the registry manager notice
of the change. This is because the information held in the registry for
the ICP would be inaccurate.

In both scenarios, the distributor would be in breach of the Code.
This is not a desirable regulatory outcome.

Problem 2

The price category code may be changed after an ICP switches
between traders. However, currently, if the ICP switch is
subsequently withdrawn, the losing trader that receives the ICP back
is not notified of the change to the price category code.

The losing trader will then apply the wrong distribution charges to the
customer’s invoice, resulting in the need for the trader to
subsequently correct the customer’s invoice. This is an unnecessary
transaction cost.

Proposal Problem 1

To address Problem 1, the Authority proposes to insert a new clause
8(2)(aa) in Schedule 11.1 of the Code. The new clause would allow
a distributor to backdate a change to a price category code provided
under clause 7(1)(g) of Schedule 11.1, if the distributor and the
trader responsible for the ICP agreed to a date.

Problem 2

11



To address Problem 2, the Authority proposes the registry be
changed so that it generates a notification to a losing trader when:

a) atrader ICP switch is withdrawn

b) the registry’s information for the ICP differs from the registry’s
information for the ICP at the time the switch withdrawal
request is made.

We consider a Code amendment to require the registry manager to
fulfil this obligation is unnecessary. The obligation can be
accommodated under the service provider agreement between the
Authority and the registry service provider.

We have included this proposed change to the registry alongside the
Code amendment proposal, so that participants have the opportunity
to comment on both matters under the same process.

Proposed Code
amendment

Schedule 11.1

8 Distributors to change ICP information provided to registry
manager

(1) If information about an ICP provided to the registry manager in
accordance with clause 7 changes, the distributor in whose
network the ICP is located must give written notice to the
registry manager of the change.

(2) The distributor must give the notice—

(a) inthe case of a change to the information referred to in
clause 7(1)(b) (other than a change that is the result of the
commissioning or decommissioning of an NSP), no later
than 8 business days after the change takes effect; and

(aa) in the case of a change to the information provided under
clause 7(1)(q) that is intended to take effect from a date
earlier than the date on which the distributor and the
trader responsible for the ICP agree on the change, no
later than 3 business days after the distributor and the
trader responsible for the ICP agree the date on which the
change takes effect; and

(ab) in the case of decommissioning an ICP, by the later of—

() 3 business days after the registry manager has
advised the distributor under clause 11.29 that the
ICP is ready to be decommissioned; and

() 3 business days after the distributor has
decommissioned the ICP:

(b) in every other case, no later than 3 business days after the
change takes effect.

12




Assessment of
proposed Code
amendment
against the
Authority’s
objective and
section 32(1) of the
Act

The proposed Code amendment is consistent with the Authority’s
objective and section 32(1)(c) of the Act because it promotes the
efficient operation of the electricity industry.

The proposed amendment would improve the accuracy of the ICP
information held in the registry. This would facilitate accurate
invoicing of traders and consumers.

The proposed Code amendment is expected to have little or no
effect on competition or reliability.

Assessment The Authority is satisfied the proposed Code amendment is

against Code consistent with the Code amendment principles, as described below.
amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2,
because it addresses an identified efficiency gain, which requires a
Code amendment to resolve.

Principle 3: The estimated costs of the proposed Code amendment can be

Quantitative guantified. However, it has not been practicable to quantify the

Assessment benefits. Hence, a partial quantitative assessment of the proposed
amendment’s costs and benefits has been undertaken (see below).

Regulatory

Statement

Objectives of the
proposed
amendment

The objective of the proposed Code amendment is to improve the
accuracy of ICP information held by the registry, thereby improving
the accuracy of invoicing of traders and consumers.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The Authority expects the proposed Code amendment would place
little additional cost on industry participants. The Authority expects
the incremental cost for a participant to update the registry to correct
price category codes would be small. The Authority knows some
distributors already incur this cost, although other distributors may
not, in order to avoid breaching the Code.

There may be a small cost of approximately $1,250 — $1,500," to
change a report prepared by the registry manager that uses price
category code information.

Based on an estimate provided by the registry manager.
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Benefits

The main benefit of the proposed Code amendment is that it would
facilitate accurate information in the registry. This, in turn, would
facilitate accurate invoicing of traders and consumers.

If the Code were to not be amended, consumers would face a
greater likelihood of being invoiced an incorrect distribution charge.
The marginal value that consumers placed on the electricity they
purchased would not be as close to the cost of producing that
electricity as it could be. This would be a market inefficiency.

Another benefit of the proposed Code amendment would be reduced
auditing and compliance costs. These reduced costs would relate to
identifying and processing alleged breaches of the Code by
distributors who backdate price category code changes in the
registry outside the three business day timeframe currently permitted
by the Code.

The Authority estimates there would be a potential cost of
approximately $200 per year if an auditor were to allege that a
distributor had breached the Code, by backdating a price category
code outside three business days.?

Currently, approximately half of grid-connected distributors regularly
backdate price category codes outside three business days. If we
assume 14 alleged breaches of the Code each year, for the next 15
years, in relation to this backdating of price category codes, the
present value benefit of removing this compliance cost would be
approximately $24,000.°

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment would outweigh the costs.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has not identified an alternative means of achieving
the objectives of the proposed Code amendment.

This relates to staff time, for the auditor and the distributor.
Using a real discount rate of 8 %.
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2019-02 Returning retail market share transparency at GXPs to its former level

Reference 2019-02 Returning retail market share transparency at GXPs to its
number(s) former level

Problem definition | The Electricity Industry Participation (Demand-side Bidding and
Forecasting) Code Amendment 2011 (DSBF Code amendment)
came into force in mid-2012. As a result of the DSBF Code
amendment, purchasers in the wholesale electricity market no longer
must submit bids for a grid exit point (GXP) that the Authority has
determined to be a “conforming GXP".

A conforming GXP is a GXP for which the system operator is better
able to predict demand using a central forecast instead of
purchasers’ bids. A GXP where a purchaser must submit bids is
known as a “non-conforming GXP”. The Authority has determined
that there are 215 conforming GXPs and 13 non-conforming GXPs,
meaning purchasers no longer submit bids for almost 95% of GXPs.

Under clause 13.55(1), the WITS manager must, within 24 hours of
the end of each day, make available on WITS and at no cost on a
publicly accessible approved system, all final bids, final offers, and
final reserve offers received for the trading periods of the previous
trading day.

Prior to the DSBF Code amendment, a retailer was able to estimate
its market share at a GXP, by looking at the published bids for that
GXP. Retailers could place some reliance on the accuracy of these
bids, because the Code required a bid to represent that purchaser’s
reasonable endeavours to predict the quantity of electricity that
purchaser would demand at the GXP for the relevant trading period.*

Following the DSBF Code amendment, a retailer is able to estimate
its market share using this approach for only the 13 non-conforming
GXPs.

No longer having this market share information available is
inefficient. The primary problem is that, for any one of the 215
conforming GXPs, a retailer is more likely to under- or over-hedge its
financial exposure to a transmission constraint because they can't
accurately estimate their market share.

Proposal The Authority proposes requiring the reconciliation manager to
provide more granular information in the report it provides to the
Authority and all participants on the difference between:

a) electricity supplied, as reported by retailers; and
b) submission information submitted by retailers.

This proposal would require an amendment to clause 27(b) of
Schedule 15.4.

! Refer to the version of clause 13.13 of the Code that existed prior to the DSBF Code amendment.

(https://www.ea.govt.nz/code-and-compliance/the-code/historical-versions-of-the-code/historical-versions-of-
the-code/)
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The proposal would provide for retailers to have a similar level of
transparency of retail market shares to that which existed prior to the
DSBF Code amendment coming into force.

Proposed Code
amendment

Schedule 15.4

Reconciliation procedures

27 Surveillance reports
The reconciliation manager must make the following reports
available to the Authority and all participants:

(b) reports by retailers fereach-balancingarea of the

variation between electricity supplied as reported by
retailers (in accordance with clause 17) and submission
information submitted for reconciliation by retailers,
specified for each—

(i) point of connection to the grid; and
(i) NSP identifier; and
(i) balancing area:

Assessment of
proposed Code
amendment
against the
Authority’s
objective and
section 32(1) of
the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would
contribute to the efficient operation of the electricity industry. The
proposed amendment would do this by enabling retailers to more
accurately hedge their transmission risk at GXPs.

The proposed amendment may also have a minor, positive effect on
competition, if currently retailers, on average, tend to over-hedge
their transmission risk at GXPs in the absence of market share
information. If this were the case, then the proposed amendment
would mean retailers would face a lower cost to serve customers at
a GXP, which should have a positive influence on retail competition.

The proposed amendment is expected to have no effect on reliability
of supply.

Assessment The Authority is satisfied the proposed Code amendment is

against Code consistent with the Code amendment principles, as described below.
amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly

Identified

Efficiency Gain or

Market or

Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses a problem created by the existing Code, which requires
an amendment to resolve.
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Principle 3: The estimated costs of the proposed Code amendment can be

Quantitative gquantified. However, it has not been practicable to quantify the

Assessment benefits. Hence, the Authority has undertaken a partial quantitative
assessment of the proposed amendment’s costs and benefits (see
below).

Regulatory

Statement

Objectives of the
proposed
amendment

The objective of the proposed Code amendment is to restore the
transparency of retailers’ market shares at all GXPs to the level that
existed prior to the DSBF Code amendment coming into force, so
that participants can identify basis risk and pivotal positions.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The proposed Code amendment would require the reconciliation
manager to prepare an amended GR-130 file (“Report electricity
supplied/submitted comparison”). The amended file would contain
data aggregated by network supply point (NSP), in addition to
balancing area (the status quo). The Authority estimates the cost of
this system change would be approximately $15,000 — $19,000.7

The Authority would also need to make some minor updates to
guideline documents. The Authority estimates the incremental cost
to do this would be under $500.

Under the proposed amendment, retailers might need to change IT
systems, and/or processes and procedures, if they wanted to use the
NSP-level information in the amended GR-130 file.

However, the proposed Code amendment would not compel retailers
to use this information. Presumably, a retailer that used the NSP-
level information would do so because the benefit outweighed the
cost of any systems or process changes.

Therefore, the Authority does not consider it necessary, or
appropriate, to include an estimate of the cost for retailers to use the
information in the amended GR-130 file.

Benefits

The primary benefit of the proposed Code amendment is to improve
the productive efficiency of the electricity market,? by enabling
retailers to more accurately calculate the hedging they need to cover
the risk of a transmission constraint. The Authority notes this benefit
closely aligns with a key benefit underpinning the most recent
increase in the number of financial transmission right (FTR) hubs,

This is based on an estimate from the reconciliation manager.

As noted in section 3 of this consultation paper, productive efficiency is achieved when products and

services that consumers desire are produced at minimum cost to the economy.
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which was to reduce hedging costs for participants managing within-
island basis risk.* °

The proposed amendment would also deliver an economic benefit if
currently, in the absence of market share information, retailers are
over-hedging their transmission risk at GXPs. Under the proposal,
these retailers would face a lower cost to serve customers at a GXP.
This would promote retail competition, which delivers both static and
dynamic efficiency benefits to the economy.®

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment would outweigh the costs. It is likely
that retailers’ cost savings would be greater than the cost of
changing the reconciliation system.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has identified one alternative means of achieving the
objectives of the proposal. This alternative would be to require the
reconciliation manager to provide an amended GR-050 file (“Report
summary of actual reconciled traded kWhs”) to traders, as well as
distributors.

The GR-050 file shows monthly settlement volumes (as opposed to
submission volumes) at an NSP. In other words, the GR-050 file
shows the actual market share of each trader at an NSP, for the
month.

The Authority estimates the cost of this system change for the
reconciliation manager would be similar to the cost for the amending
the GR-130 file (ie, approximately $15,000 — $20,000).

Currently, under clause 26(a) of Schedule 15.4, the reconciliation
manager provides the information in this file only to distributors. The
file that each distributor receives contains information only in relation
to each trader trading on the distributor’s network.

The Code could be amended to require the reconciliation manager to
provide monthly and half-hourly settlement volumes at the NSP to
the distributor at the NSP and all traders at the NSP.

However, traders may consider their settlement volumes to be
commercially sensitive information. At the time the file is provided,

See the FTR manager’s cost benefit analysis for adding three additional FTR hubs in 2018, available
at: www.ftr.co.nz/documents/10179/97733/FTR+Additional+Hubs+-+CBA vO 9.docx/e34475ad-

2c2a-33c8-a9a5-cdab5a8cff434.

Within-island basis risk is the commercial risk associated with unpredictable variations in the

difference between electricity spot prices at two market pricing nodes within the same island.
Transmission constraints can cause these unpredictable variations. See:

e Within-island basis risk: proposed approach, available at www.ea.govt.nz/dmsdocument/15230

e Within-island basis risk: Characterising the risk, available at:
www.ea.govt.nz/dmsdocument/14051.

See section 3 of this consultation paper.
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there would mostly likely be little difference between actual retail
positions and the end-of-month retail positions shown in the file.’

Therefore, the Authority considers the proposal to be preferable to
the alternative.

Under clause 24 of Schedule 15.4, the reconciliation manager must provide the information
contained in the GR-050 file by 1600 hours on the seventh business day of each reconciliation
period (month).
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2019-03 Requirement to provide complete and accurate information under Part 8

Reference
number(s)

2019-03 Requirement to provide complete and accurate information
under Part 8

Problem definition

Under clause 8.1A(1) of the Code, a participant must take all
practicable steps to ensure that information it provides to the
extended reserve manager under Part 8 is—

a) complete and accurate
b) not misleading or deceptive
c) not likely to mislead or deceive.

A participant must also provide revised information to the extended
reserve manager as soon as practicable if the participant
subsequently becomes aware that information provided to the
extended reserve manager previously under Part 8 is—

a) incomplete;
b) inaccurate;
c) misleading or deceptive; or
d) likely to mislead or deceive.

The provision of complete and accurate information from one
participant to another is fundamental to competitive, reliable and
operationally efficient electricity markets. It enables industry
participants to make well-informed decisions on matters such as:

a) how much electricity to use or produce

b) when to invest in equipment or devices that use, produce, or
convey electricity.

There is a problem with the current obligation under clause 8.1A
because the obligation only applies to information a participant
provides to the extended reserve manager. It does not apply to other
information that participants must provide under Part 8. This means
a participant is not explicitly required to provide complete and
accurate information to another person under Part 8, except to the
extended reserve manager.

Proposal

The Authority proposes to address the problem identified above, by
expanding the scope of clause 8.1A of the Code so that it applies to
all information a participant provides to any person under Part 8.

Proposed Code
amendment

8.1A Requirement to provide complete and accurate information

(1) A participant must take all practicable steps to ensure that
information that the participant is required to provide to any

person it-provides-to-the-extended-reserve-manager under

this Part is—

(a) complete and accurate; and
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(b) not misleading or deceptive; and
(c) not likely to mislead or deceive.

(2) If a participant provides information to any person the
extended-reserve-manager under this Part, and subsequently
becomes aware that the information is incomplete, inaccurate,
misleading or deceptive, or likely to mislead or deceive, the
participant must provide revised information as soon as
practicable.

(3) For the purpose of this clause, information provided by an
asset owner to the extended reserve manager is deemed to
be accurate if it complies with a data specification published by
the extended reserve manager.

Assessment of
proposed Code
amendment
against the
Authority’s
objective and
section 32(1) of
the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1) of the Act, because it would contribute
to the efficient operation of the electricity industry. The proposed
amendment would also promote reliability.

The proposed Code amendment would promote efficiency and
reliability by lowering the risk of an adverse event on the power
system.

The proposed Code amendment is expected to have little or no
effect on competition.

Assessment The Authority is satisfied the proposed Code amendment is

against Code consistent with the Code amendment principles, to the extent they
amendment are relevant.

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2
because it addresses an identified efficiency gain, which requires a
Code amendment to resolve.

Principle 3: It has not been practicable to quantify the costs and benefits of the

Quantitative proposed Code amendment. Hence, a qualitative assessment of the

Assessment proposed amendment’s costs and benefits has been undertaken
(see below).

Regulatory

Statement

Objectives of the
proposed
amendment

The objective of the proposed Code amendment is to facilitate
complete and accurate information in the electricity industry.

Evaluation of the

The Authority considers the proposed Code amendment would have
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costs and benefits | a positive net benefit, for the reasons set out below.
of the proposed

Costs
amendment

We believe the incremental cost of the proposed Code amendment
would be small. This is because we consider that, typically,
participants currently act in a reasonable and responsible manner
when it comes to providing information under Part 8, which includes:

1) a provider of erroneous information informing the recipient of
the error

2) the information provider correcting the error and resubmitting
the information to the recipient

3) the recipient checking the resubmitted information and
advising the provider if the information is correct.

We expect that participants are likely to only have to make minor
updates to procedures—to note that it is a Code requirement to
provide accurate information under all clauses in Part 8.

Benefits

We expect the proposed Code amendment’s main benefit would be
to lower slightly the probability of incorrect information being
provided under Part 8, which in turn would lower slightly the risk of
an adverse event on the power system.

Part 8 deals with common quality. Consumers place a very high
value on avoiding power outages, particularly unplanned outages
(measured in the thousands, and in some instances tens of
thousands, of dollars). An instance of incorrect information resulting
in an under-frequency event could have economic costs measured in
the millions of dollars.*

Due to common quality issues having a relatively high impact on
consumers, we consider that even a minor decrease in the risk of an
adverse event on the power system would offer a benefit greater
than the proposed amendment’s identified cost.

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment outweigh the costs.

Evaluation of We considered whether the Fair Trading Act 1986 and the general
alternative means | law of negligence (particularly the duty of care and the

of achieving the consequences of breaching it) might apply to circumstances where a
objectives of the participant provided potentially misleading, or misleading,

proposed information. However, we considered it was unclear how both the
amendment Fair Trading Act and the law of negligence might apply in the context
of providing information under the Code. Therefore, we do not think

For example, the system operator may receive incorrect information from a generator about the
under-frequency performance of its generating plant. This could lead to the system operator
underestimating reserve requirements and an increased risk of system failure during under-
frequency events.
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that relying on the Fair Trading Act and the general law of
negligence would best achieve the objective of this proposed Code
amendment.

The Authority has not identified any other means of achieving the
objectives of the proposed amendment.
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2019-04 Improving the event of default provisions

Reference
number(s)

2019-04 Improving the event of default provisions

Problem definition

Schedule 11.5 of the Code sets out the process that the Authority
and each participant must comply with when the Authority is satisfied
that a trader has committed an event of default under paragraph (a),
(b), (f), or (h) of clause 14.41(1).

Based on our experience with an event of default in 2018, the
Authority considers there are some improvements that could be
made to:

a) the description of an event of default under paragraph (f) of
clause 14.41(1)

b) the process set out in Schedule 11.5.
Problem 1

Under clause 14.41(1)(f) an event of default can be triggered by a
participant threatening to stop or suspend payment of that
participant’s debts (excluding its security or settlement payments).

The ability for an event of default to be triggered by a threat to stop
or suspend payment is unecessary and creates uncertainty in the
default process.

Identifying a threat is subjective. For example, comments taken out
of context, or from staff that might not have authority over payments,
could trigger an unnecesary event of default.

The Authority considers that an event of default should be triggered
by the failure to pay debt when it is due, not the perception that such
an event may occur in the future.

We note this approach would be consistent with the approach in
clause 14.41(1)(a) and (b), in respect of participants’ security and
settlement payments.

Problem 2

The event of default in 2018 showed that the current process for a
trader event of default can result in unnecessary errors in:

a) reconciliation and settlement of the wholesale electricity
market

b) consumer invoicing.

Currently, under clause 3 of Schedule 11.5, the Authority may
require certain information from the registry and from distributors on
whose network(s) the defaulting trader trades electricity. However,
there is no mechanism for the Authority to obtain meter readings if
the defaulting trader cannot or will not obtain meter readings.
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It may be necessary for the Authority to obtain meter readings and
associated information (eg, ICP identifiers and meter serial numbers)
from the MEP(s) responsible for the ICPs the defaulting trader trades
at, in instances where the defaulting trader cannot, or will not,
provide suitable meter readings. This is to ensure the meter readings
and associated information are available for market settlement and
consumer invoicing. In the absence of any requirement for the
MEP(s) used by the defaulting trader to provide meter readings and
associated information to the Authority, errors are more likely in
reconciliation, market settlement and consumer invoicing.

Problem 3

The event of default in 2018 has also shown that the current process
for a trader event of default imposes unnecessary transaction costs
on participants, the Authority, and possibly consumers.

Currently, clause 4 of Schedule 11.5 applies when:

a) 7 days have elapsed since the Authority notified the
defaulting trader of the need to remedy the event of default

b) the Authority considers the defaulting trader—

i) has not remedied the event of default or agreed with the
Authority to resolve the event of default

i) has one or more customer contracts in place or is still
recorded in the registry as being responsible for one or
more ICPs.

In this situation, the Authority must, after notifying the defaulting
trader, attempt to advise the defaulting trader’s customers of the
event of default and that—

a) the customer should switch to another trader within a
specified timeframe

b) the Authority may assign the customer to another trader if the
customer does not switch within the specified timeframe.

The requirement for the Authority to attempt to communicate with the
defaulting trader’s customers can impose unncessary transaction
costs on the Authority and possibly on the defaulting trader’s
customers. It may be unnecessary for the Authority to attempt this
communication—for example, because the defaulting trader has
already communicated the required information to its customers. Or
the Authority may want to delay sending this communication—for
example, because the defaulting trader is in the process of finalising
the sale of its customer base to one or more other traders.

Problem 4

Part of the policy intent of the trader default provisions in the Code is
to prevent a defaulting trader’s liabilities increasing during the trader
default process.
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Under clause 4B of Schedule 11.5, the Authority may only give
written notice to the registry manager to not complete certain ICP
switching activities if the Authority has already given written notice to
the defaulting trader under clause 4 of Schedule 11.5. The Authority
can not give notice to the defaulting trader under clause 4 for at least
7 days after giving notice of the default. This means that, for seven
days, a defaulting trader can gain new customers, and request the
withdrawal of switches involving existing customers leaving the
defaulting trader, before the Authority can prevent this via the
registry.

This unnecessarily increases the risk of the defaulting trader’s
liabilities growing during the trader default process.

Problem 5

Currently, clause 5(8) of Schedule 11.5 is not as clear as it could be
in stating how the Authority can specify the recipient trader to whom
the Authority may:

a) in accordance with the contract under which a customer
purchases electricity from the defaulting trader, assign the
rights and obligations of the defaulting trader under the
contract

b) assign an ICP for which the defaulting trader is recorded in
the registry as being responsible.

This makes it unnecessarily difficult for the Authority and participants
to understand and comply with their obligations under the Code.

Problem 6

Currently, clause 7 of Schedule 11.5 is not as clear as it could be in
describing the registry manager’s obligations around processing ICP
switches involving a defaulting trader. In particular, the clause is
unclear about the following:

a) thatitis referring to ICP switches that are in progress as well
as ICP switches that have not yet been initiated

b) the treatment of switch withdrawal requests involving the
defaulting trader

¢) that the registry manager is to act only as directed by the
Authority in relation to processing ICP switches involving a
defaulting trader.

This lack of clarity has the following potential drawbacks:

a) it could prevent a customer of the defaulting trader from
voluntarily switching to a trader of the customer’s choosing

b) it could add unnecessary transaction costs to the trader
default process by leading to traders disputing an Authority
directive for the registry manager to—

i) cancel an ICP switch to the defaulting trader

26




ii) complete or cancel a switch withdrawal request
involving the defaulting trader

c) it could result in traders receiving, without the traders’ prior
knowledge, customers of the defaulting trader.* This could
adversely affect the switching experience for the customers
and impose costs on the traders—for example, a trader may
be unable to trade at a customer’s ICP.

Proposal Problem 1

To address problem 1, the Authority proposes to amend clause
14.41(2)(f) of the Code to remove the ability for an event of default to
be triggered by a participant threatening to stop or suspend payment
of its debts.

Problem 2

To address problem 2, the Authority proposes to amend clause 3 of
Schedule 11.5 to require the MEP(s) of a defaulting trader to provide
metering-related information (eg, meter readings, ICP identifiers and
meter serial numbers) to the Authority, if requested by the Authority.

Problem 3

To address problem 3, the Authority proposes to amend clause 4 of
Schedule 11.5 to enable the Authority to not communicate with a

defaulting trader’s customers if there is good reason not to. We also
propose to amend clause 4 of Schedule 11.5 to make it clearer that:

a) clause 4 of Schedule 11.5 applies if at least seven days have
elapsed since the Authority gave notice to the defaulting
trader under clause 2(1) of Schedule 11.5

b) the Authority can provide to a defaulting trader’s customers,
any information the Authority considers appropriate, which
may or may not include the information currently required to
be provided.

Problem 4

To address problem 4, the Authority proposes to amend clause 4B of
Schedule 11.5 to enable the Authority to direct the registry manager
to not process certain ICP switching activities if the Authority has
given written notice to the defaulting trader under clause 2 of
Schedule 11.5, rather than waiting for the notice under clause 4.

We also propose to amend clause 4B of Schedule 11.5 to clarify that
the applicable switch withdrawal request is for an ICP switching
away from the defaulting trader.

Problem 5

To address problem 5, the Authority proposes to amend clause 5 of

! If the registry manager processed the switching of ICPs away from the defaulting trader to one or more other traders
prior to the Authority communicating this to the other trader(s).
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Schedule 11.5 to clearly state that the Authority can determine the
recipient trader via:

a)
b)

exercising the Authority’s discretion; or

a tender or other competive process.

Problem 6

To address problem 6, the Authority proposes to amend clause 7 of
Schedule 11.5 to clarify that, when directed to do so by the Authority,
the registry manager must:

a)

b)

c)
d)

complete an initiated ICP switch away from a defaulting
trader

initiate and complete an ICP switch away from a defaulting
trader

cancel an ICP switch to a defaulting trader

complete a switch withdrawal request for an ICP that is being
switched to a defaulting trader (so that the ICP remains with
the other (non-defaulting) trader)

cancel a switch withdrawal request for an ICP that is being
switched away from the defaulting trader (so that the ICP
switches to the other (nhon-defaulting) trader).

Proposed Code
amendment

Schedule 11.5 Process for trader event of default

(1)

(2)

Notice to trader who has committed event of default

If the Authority is satisfied that a trader ("defaulting trader")
has committed an event of default under paragraph (a) or (b)
or (f) or (h) of clause 14.41 the Authority must give written
notice to the defaulting trader that—

(@) the defaulting trader must—
(i) remedy the event of default; or

(i)  assign its rights and obligations under every
contract under which a customer of the defaulting
trader purchases electricity from the defaulting
trader to another trader, and assign to another
trader all ICPs for which the defaulting trader is
recorded in the registry as being responsible; and

(b) if the defaulting trader does not comply with the
requirements set out in paragraph (a) within 7 days of the
notice, clause 4 will apply.

The Authority may give written notice to the defaulting trader
requiring the defaulting trader to provide to the Authority,
within a time specified by the Authority, information about the
defaulting trader's customers.
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3)

(1)

(2)

(3)

(4)

(5)

The defaulting trader must provide the information requested
by the Authority under subclause (2) within the time specified
by the Authority.

Authority may require distributor, and registry manager,
and metering eguipment provider to provide information

The Authority may, by notice in writing to a distributor on
whose network a defaulting trader trades electricity, require
the distributor to provide to the Authority the information,
specified in the notice, about the defaulting trader's customers

specified in the notice (if the distributor holds the information),

within the period specified in the notice.

If the distributor holds the information, the distributor must
provide the information reguested-by-to the Authority under
subelause(1)}-within the time specified by the Authority.

The Authority may, by notice in writing to the registry
manager, require the registry manager to provide to the
Authority the information, specified in the notice, about ICPs
for which the defaulting trader is recorded in the registry as
being responsible, within the period specified in the notice.

If the registry manager holds the information, Fthe registry
manager must provide the information requested-by-to the

Authority under-subelause{3}-within the time specified by the
Authority.

The Authority may, by notice in writing to a metering

(6)

equipment provider who is recorded in the reqgistry as the
metering eqguipment provider for an ICP for which the
defaulting trader is responsible, require the metering
equipment provider to provide to the Authority the
information, specified in the notice, about the defaulting
trader’s ICPs, within the period specified in the notice.

If the metering equipment provider holds the information, the

(1)

metering equipment provider must provide the information to
the Authority within the time specified by the Authority.

Failure by defaulting trader to remedy event of default
This clause applies if—

(@) 7 days_or more have elapsed since the Authority gave
notice to the defaulting trader under clause 2(1); and

(b) the Authority considers that—

()  the defaulting trader has not remedied the event
of default or, in the case of an event of default
under clause 14.41(b) in respect of which there is
an unresolved invoice dispute under clause 14.25,
has not reached an agreement with the Authority
to resolve the event of default; and
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(2)

4A

(1)

(2)

(i)  the defaulting trader still has 1 or more contracts
under which a customer of the defaulting trader
purchases electricity from the defaulting trader or
is still recorded in the registry as being responsible
for 1 or more ICPs.

The Authority must—

(@)

(b)

give written notice to the defaulting trader that the
Authority considers that this clause applies; and

unless the Authority considers there is good reason not
to, attempt to advise customers of the defaulting trader
that the defaulting trader has committed an event of
default and one or more of the following:—

; he defauli lor | ittad :
defaultand

(i)  the customer should enter into a contract for the
purchase of electricity with another trader by the
date that is 14 days after the day on which the
Authority gave written notice to the defaulting
trader under clause 2(1):-and

(iif)  if the customer fails to enter into a contract with
another trader by that date, the Authority may
assign the defaulting trader's rights and obligations
under the customer’s contract with the defaulting
trader to another trader under clause 5:

(iv) any other information the Authority considers
appropriate.

Trader to provide information about NSPs and ICPs at
which it cannot trade

If the Authority gives written notice to a trader under clause 4,
the Authority must give written notice to each trader (except
the defaulting trader) that it must provide the information
specified in subclause (2) to the registry manager by no later
than 1600 on the business day following the day on which the
notice under this subclause was given.

The information that a trader must provide to the registry
manager is—

(@)

(b)

the NSPs at which the trader cannot trade because it
does not have an arrangement with the relevant
distributor on whose network the NSPs are located to
trade at the NSP; and

the ICPs at which the trader cannot trade for any of the
following reasons:

(i) the type of each meter at the ICPs (for example,
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3)

4B

(1)

(2)

(1)

half hour, non half hour, or prepay):
(i)  the price category code assigned to the ICPs:

(i) the metering installation category of the metering
installation at the ICPs:

(iv) theinstallation type code assigned to the ICPs;
and

(c) the reasons, being 1 or more reasons specified in
paragraph (a) and (b), for the trader being unable to
trade at the NSPs or ICPs.

A trader must comply with a notice given to it under subclause
(1).

Authority may direct registry manager not to process-take
certain ICP switching activities-actions

If the Authority gives written notice to a trader under clause
42, the Authority may, by written notice to the registry
manager, direct the registry manager not to—

(@) process the initiation or completion of eemplete the
switch of any ICP to the defaulting trader; or

(b) aceeptaregquestirom-the-defaulting-traderto-withdraw
process-a switch_withdrawal request under clauses 17
and 18 of Schedule 11.3 if processing the switch
withdrawal request would mean the defaulting trader
retained responsibility for the ICP to which the switch
withdrawal request applies.

If the Authority gives written notice under subclause (1), the
registry manager must comply with the notice ret—

E I I iteh of he defauli lor:
or
! : he defauli I ithd

Authority may assign contracts and ICPs

This clause applies if, by the end of the 17" day after the
defaulting trader was given notice under clause 2(1),—

(@) the defaulting trader has not remedied the event of
default or, in the case of an event of default under
clause 14.41(b) in respect of which there is an
unresolved invoice dispute under clause 14.25, has not
reached an agreement with the Authority to resolve the
event of default; and

(b) the defaulting trader continues to have 1 or more
contracts under which a customer of the defaulting
trader purchases electricity from the defaulting trader
or the defaulting trader is still recorded in the registry as
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(2)

(2A)

being responsible for 1 or more ICPs.
The Authority may—

(a) exercise its right under a contract under which a
customer purchases electricity from the defaulting
trader to assign the rights and obligations of the
defaulting trader under the contract to a recipient trader
in accordance with the contract; and

(b) assign an ICP to a recipient trader and direct the
registry manager to amend the record in the registry so
that the recipient trader is recorded as being responsible
for the ICP; and

(c) specify the recipient trader to whom the rights and
obligations under the contract or the ICP will be
assigned.

When determining an assignment under subclause (2), the

(3)

(4)

(5)

(6)

(7)

Authority may do 1 or both of the following:

(a) exercise its discretion to determine the recipient trader:

(b) undertake a tender or other competitive process to
determine the recipient trader.

The Authority must, by notice in writing to each recipient
trader, direct the recipient trader to accept an assignment
under subclause (2).

Before the Authority gives notice to a recipient trader under
subclause (3), the Authority may decide not to assign rights
and obligations of the defaulting trader under a contract or an
ICP to a recipient trader if the recipient trader satisfies the
Authority that the assignment would pose a serious threat to
the financial viability of the recipient trader.

A recipient trader must comply with a direction given to it
under subclause (3).

The registry manager must comply with a direction given to it
under subclause (2).

Before the Authority exercises its right to assign rights and
obligations or an ICP under subclause (2), the Authority must,
if the Authority considers it is practicable, consult with the
defaulting trader as to the need for the notice.

g hinin this.cl | horite from decidi
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(1) If the Authority gives written notice to a defaulting trader

(2)

under clause 2, the_Authority may, by written notice to the
registry manager, may-complete-the-switch-ofany 1CPfor

which-the-defaulting-traderisrecorded-in-the registry-as-being
responsible even if the defaulting trader has not complied with

its obligations under Schedule 11.3, direct the registry
manager to—

(a) __initiate and complete the switch of an ICP away from the
defaulting trader; or

(b)  process the initiation or completion of the switch of an
ICP away from the defaulting trader; or

(c) __ cancel the switch of an ICP to the defaulting trader; or

(d) __ process the completion of a switch withdrawal request
under clauses 17 and 18 of Schedule 11.3 for an ICP
that is being switched to the defaulting trader; or

(e)  cancel a switch withdrawal request made under clauses
17 and 18 of Schedule 11.3 for an ICP that is being
switched away from the defaulting trader.

The reqgistry manager must, as soon as possible, comply with

a direction given by the Authority in a written notice.

Part 14 Clearing and settlement

14.41Definition of an event of default

(1)

Each of the following events constitutes an event of default:

(a) failure of a participant to provide security for the minimum
amount required in accordance with clause 14A.6:

(b) a settlement default:

(c) any action taken for, or with a view to, the declaration of a
participant that is required to comply with Part 14A as a
corporation at risk under the Corporations (Investigation
and Management) Act 1989:

(d) appointment of a statutory manager in respect of
participant that is required to comply with Part 14A under
the Corporations (Investigation and Management) Act
1989 (or a recommendation or submission is made by a
person to the Financial Markets Authority supporting such
an appointment):

(e) appointment of a person under section 19 of the
Corporations (Investigation and Management) Act 1989 to
investigate the affairs or run the business of a participant
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(2)

(f)

(9)

(h)

that is required to comply with Part 14A:

if a participant that is required to comply with Part 14A is
(or admits that it is or is deemed under any applicable law
to be) unable to pay its debts as they fall due or is
otherwise insolvent, or stops or suspends, erthreatens-to
stop-or-suspend; or a moratorium is declared on, payment
of its indebtedness generally, or makes or commences
negotiations or takes any other steps with a view to
making any assignment or composition with, or for the
benefit of, its creditors, or any other arrangement for the
rescheduling of its indebtedness or otherwise with a view
to avoiding, or in expectation of its inability to pay, its
debts:

a holder of a security interest or other encumbrancer
taking possession of, or a receiver, manager, receiver and
manager, liquidator, provisional liquidator, trustee,
statutory or official manager or inspector, administrator or
similar officer being appointed in respect of the whole or
any part of the assets of a participant that is required to
comply with Part 14A or if the participant requests that
such an appointment be made:

termination of a trader’s use-of-system agreement with
a distributor because of a serious financial breach if—

() the trader continues to have a customer or customers
purchasing electricity from the trader on the
distributor's local network or embedded network;
and

(i) there are no unresolved disputes between the trader
and the distributor in relation to the termination; and

(i) the distributor has not been able to remedy the
situation in a reasonable time; and

(iv) the distributor gives notice to the Authority that this
subclause applies.

If a distributor, having given notice under subclause (1)(h)(iv),
considers that an event of default no longer exists, the
distributor must advise the Authority that it considers that the
event of default has been remedied.

Assessment of
proposed Code
amendment

against section
32(1) of the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would contribute
to the efficient operation of the electricity industry.

The proposed amendment would improve the efficient operation of
the electricity industry by:

a) lowering the risk of an unnecessary default being triggered

b) reducing instances of unnecessary errors in reconciliation,

34




settlement, and consumer invoicing

¢) reducing transaction costs associated with a trader event of
default.

The proposed amendment is expected to have no effect on the
reliable supply of electricity.

Assessment The Authority is satisfied the proposed Code amendment is

against Code consistent with the Code amendment principles, to the extent they
amendment are relevant.

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses identified efficiency gains, which require a Code
amendment to resolve.

Principle 3: Some of the costs and benefits of the proposed Code amendment

Quantitative can be quantified. However, it has not been practicable to quantify all

Assessment of the costs and benefits. Hence, a partial quantitative assessment of
the proposed amendment’s costs and benefits has been undertaken
(see below).

Regulatory

statement

Objectives of the
proposed
amendment

The objective of the proposal is to reduce electricity market
operational costs by:

a) lowering the risk of an unnecessary default being triggered

b) reducing instances of unnecessary errors in reconciliation,
settlement, and consumer invoicing

c) reducing transaction costs associated with a trader event of
default.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The Authority considers the main cost of the proposed amendment
to address Problem 1 would be a slight increase in the risk of
shortfall in energy payments to generators due to triggering an event
of defualt later.

In a workably competitive market, increasing the risk of a shortfall in
energy payments to generators, by triggering an event of default
later, would at the margin, be expected to reduce the cost faced by
traders when patrticipating in the electricity market (since a trader
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would face a marginally lower risk of default). We do not consider it
is possible to quantify this cost.

The Authority expects the main cost of the proposed Code
amendment to address Problem 2 would be the cost incurred by the
Authority:

a) to receive, from the MEP(s) responsible for the ICPs at which
the defaulting trader trades, files containing meter reads for
the days on which ICPs switch to the trader(s) gaining the
defaulting trader’s customers

b) to provide meter read files to the trader(s) gaining the
defaulting trader’s customers.

We consider the MEP(s) providing the Authority with meter read files
would face negligible incremental costs, if they were to use their
standard processes to provide the Authority with meter read files.
Therefore, for the purposes of this CBA, we assume all meter reads
would be provided to the Authority via the electricity information
exchange protocol (EIEP) hub. We also assume the MEP(s) would
be undertaking daily meter reads of the ICPs for which the defaulting
trader is responsible, meaning there would be no incremental cost
associated with the MEP(s) obtaining meter reads for the days on
which these ICPs switch to the gaining trader(s).

We consider traders gaining the defaulting trader’s customers would
also face negligible incremental costs, because:

a) they would be receiving the meter reads via the EIEP hub

b) they would be under no compulsion to use the meter reads
for switching, reconcilation, settlement and consumer
invoicing purposes—they would be free to use the meter
reads based on what best suits their business needs.

We estimate the incremental cost associated with the Authority
receiving, storing and forwarding switch meter reads, for ICPs that a
defaulting trader trades at, would be approximately $1,500 — $2,000
for each trader default that requires meter reads to be obtained for
the days on which an ICP is switched away from the defaulting
trader. This cost covers:

a) IT systems development

b) staff time for the Authority, MEPs and gaining traders, relating
to liaison over the meter read files.

The Authority considers any costs associated with addressing
Problems 3, 4, 5 and 6 would be negligible. We believe the proposed
solutions to these problems would not require any changes to
systems, processes and procedures by affected parties.

Benefits

The Authority considers the proposed Code amendment would have
several main benefits.
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Firstly, removing the ability for an event of default to be triggered by
a threat will decrease the costs faced by the Authority and
associated participant when validating the threat. This effort is likely
to be wasted, as by the time a threat of non-payment of a debt has
been validated it is likely payment will have been due.

Secondly, providing gaining traders with meter reads for the days on
which the defaulting trader’s customers are switched away, would
promote accurate reconciliation, settlement and customer invoicing.
More accurate customer invoicing would be expected to mean fewer
customer complaints associated with the transfer to the gaining
trader(s).

Thirdly, ensuring that the trader default process results in no ICPs
remaining the responsibility of a defaulting trader would also promote
accurate reconciliation, settlement, and customer invoicing.

Fourthly, providing the Authority with discretion over when to
communicate with customers of the defaulting trader, and what
information to provide the customers, would remove unnecessary
transaction costs. The Authority estimates these would range from
thousands of dollars to tens of thousands of dollars, depending on
the size of the defaulting trader. Avoided costs would include
advertising, stationery, postage and/or courier.

Fifthly, removing the need to initiate and/or complete ICP switches to
a defaulting trader and then assign these ICPs to another (non-
defaulting) trader would reduce market transaction costs.

The final main benefit of the proposed Code amendment would be to
clarify the Code. This would reduce the time and effort spent by
participants understanding the Code in order to meet their Code
obligations, and the Authority liaising with participants over Code
obligations.

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment outweigh the costs.

In relation to Problem 1, on balance, we expect that providing for an
event of default to be triggered later would lower traders’ risk of an
unnceessary default being triggered. This is because an event of
default would occur only if a trader took action that resulted in non-
payment occuring.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has not identified an alternative means of achieving
the objectives of the proposed Code amendment.

37




2019-05 Issues with the definition and use of Historical Estimates

Reference 2019-05 Issues with the definition and use of Historical Estimates
number(s)

Problem definition | Clause 1.1(1) of the Code defines “historical estimate” to mean—

in relation to non half hour metered ICPs,* volume
information (in kWh), apportioned to part or full consumption
periods after having the seasonal adjustment shape, or any
other profile that has, from time to time, been approved by the
Authority for this purpose, applied, being 1 of the following:

(@) the difference between 2 validated actual meter
readings:

(b) the difference between 2 permanent estimates:

(c) anyrelevant unmetered load:

(d) the difference between a validated meter reading and a
permanent estimate.

Clause 4 of Schedule 15.3 sets out the methodology for preparing an
historical estimate of volume information for an ICP, when the
relevant seasonal adjustment shape is available.

Clause 5 of Schedule 15.3 says that when a seasonal adjustment
shape is not available, a reconciliation participant must follow the
same methodology for preparing an historical estimate set out in
clause 4 of Schedule 15.3, but with daily quantities prorated as
determined by the reconciliation participant —

a) using its own methodology; or
b) on aflat shape basis.

Problem 1

Neither clause 4 nor clause 5 of Schedule 15.3 explicitly provides for
a reconciliation participant to use a profile approved by the Authority
when preparing an historical estimate. Although this right could be
inferred in clause 5 (because a reconciliation participant could
choose a profile approved by the Authority as its own methodology),
it would only be possible when a seasonal adjustment shape was not
available.

A number of reconciliation participants prepare historical estimates of
volume information using profiles we have approved (eg,
telecommunication cabinet load), instead of a seasonal adjustment
shape.? Currently, these participants are in breach of the Code
because of the drafting of the Code.

Problem 2

Installation control points.

An information paper containing the list of approved profiles is available on the Authority’s website at
https://www.ea.govt.nz/dmsdocument/8563-approved-profiles.

38



https://www.ea.govt.nz/dmsdocument/8563-approved-profiles

The current definition of “historical estimate” does not include
historical estimates calculated under clause 5 of Schedule 15.3. The
definition of “historical estimate” requires an historical estimate of
volume information to use the seasonal adjustment shape or any
other profile approved by the Authority for the purpose of
apportioning volume information to part or full consumption periods.
In contrast, historical estimates of volume information calculated
under clause 5 of Schedule 15.3 do not use the seasonal adjustment
shape or any other profile approved by the Authority for the purpose
of apportioning volume information to part or full consumption
periods.

Currently, clause 6 of Schedule 15.3 says a forward estimate may be
used only for a period for which an historical estimate, as defined
under clause 1.1(1), cannot be calculated. This means a
reconciliation participant can, when allocating volume information
from a non half hour metering installation to a consumption period,
choose between the following options when the relevant seasonal
adjustment shape is not available:

a) using an “historical estimate” calculated under clause 5 of
Schedule 15.3, but not being an historical estimate of the
type defined under clause 1.1(1); or

b) using a forward estimate, in accordance with clause 6 of
Schedule 15.3.

Being able to use a forward estimate in this manner is inconsistent
with the policy intent of clause 6 of Schedule 15.3. The policy intent
of this clause is that a reconciliation participant may use a forward
estimate only if the participant cannot calculate an historical estimate
under either clause 4 or clause 5 of Schedule 15.3. The reason for
restricting the use of forward estimates in this manner is to help the
Authority and participants to better monitor the quality of volume
information.®

Problem 3

Clause 3(1) of Schedule 15.3 says reconciliation participants must,
for each ICP that has a non half hour metering installation, allocate
volume information derived from validated meter readings, estimated
readings or permanent estimates, to consumption periods using the
techniques described in “this” clause to create historical estimates
and forward estimates.

However, clause 3 of Schedule 15.3 does not set out the techniques
that reconcilation participants are to use to create historical
estimates and forward estimates. These techniques are described in
clauses 4, 5, 6, and 7 of Schedule 15.3.

This policy intent is set out on page 62 of the Report of the Electricity Commission Reconciliation Project Team,
December 2004, available at https://www.ea.govt.nz/dmsdocument/5383-annex-1-final-report-from-commission-
reconciliation-project-team.
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The reference to “this clause” in clause 3 of Schedule 15.3 was
inserted when the Code was established in 2010. It stems from when
clauses 3 to 7 of Schedule 15.3 together formed a single clause in
Schedule J3 of the Electricity Governance Rules 2003.

Proposal

Problem 1
To address problem 1, the Authority proposes to:

a) insert a new clause 4A of Schedule 15.3 that expressly
allows a reconciliation participant to use a profile approved by
the Authority, instead of the seasonal adjustment shape

b) amend clause 10 of Schedule 15.3 to refer to the new clause
4A.

Problem 2
To address problem 2, the Authority proposes to:

a) amend the definition of ‘historical estimate’ to clarify that its
meaning includes an historical estimate prepared in
accordance with clause 5 of Schedule 15.3

b) amend clause 10 of Schedule 15.3 to refer to clauses 4, 4A,
and 5 of Schedule 15.3 (thereby ensuring the most accurate
historical estimate input data is used in volume information
provided to the reconciliation manager, consistent with the
current definition of historical estimate).

Problem 3

To address problem 3, the Authority proposes to amend clause 3(1)
of Schedule 15.3 to refer to the techniques described in clauses 4 to
7 of Schedule 15.3 for creating historical estimates and forward
estimates.

Proposed Code
amendment

Part 1

1.1 Interpretation

(1)

historical estimate means, in relation to non half hour
metered ICPs, volume information (in kWh)—

(&) sapportioned to part or full consumption periods after
having applied—
() ___the seasonal adjustment shape;; or

(i) __any other profile that has, from time to time, been
approved by the Authority for this purpose;;

applied: or

(i) any other profile permitted under clause 5 of
Schedule 15.3; and
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(b) __being 1 of the following:

&)(i)_the difference between 2 validated actual meter
readings:

{b)(ii) the difference between 2 permanent estimates:
{e)(iiany relevant unmetered load:

{eh)(iv) the difference between a validated meter
reading and a permanent estimate.

Part 15
Schedule 15.3

(1)

(2)
(3)

Historical estimates and forward estimates

Each reconciliation participant must, for each ICP that has a
non half hour metering installation, allocate volume
information derived from validated meter readings,
estimated readings or permanent estimates, to
consumption periods using the techniques described in this
clauses 4 to 7 to create historical estimates and forward
estimates.

Each estimate that is a forward estimate or an historical
estimate, must be clearly identified as such.

If a validated meter reading is not available for the purpose of
clauses 4, 4A, and 5, a permanent estimate may be used in
place of a validated meter reading.

Historical estimates with seasonal adjustment

The methodology that must be used by each reconciliation
participant to prepare an historical estimate of volume
information for each ICP when the relevant seasonal
adjustment shape is available_and the reconciliation
participant is not using an approved profile in accordance
with clause 4A, is as follows:

(a) if the period between any 2 consecutive validated meter
readings encompasses an entire consumption period,
an historical estimate must be prepared in accordance
with the following formula:

HEcp = kWth A/ B
where

HE cp is the quantity of electricity allocated to a
consumption period for an ICP
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(b)

kWhp

is the difference in kWh between the last
validated meter reading before the
consumption period and the 1% validated
meter reading after the consumption period

is the sum of the seasonal adjustment shape
values for the consumption period

is the sum of the seasonal adjustment shape
values for the same time period as is covered
by kWhp as published by the reconciliation
manager:

if the period between any 2 consecutive validated meter
readings encompasses the 1% part of a consumption
period and the period between the 2" validated meter
reading and the subsequent validated meter reading
encompasses the rest of that consumption period, an
historical estimate must be prepared in accordance
with the following formula:

where

HEICP

kWhp,

AL

kWhp,

A

B2

HEcp = kWhp]_ X Az / B; + kWhpz X A, / B,

is the quantity of electricity allocated to a
consumption period for an ICP

is the difference in kWh between the last
validated meter reading before the
consumption period and the validated
meter reading during the consumption
period

is the sum of the seasonal adjustment shape
values for the relevant days in the 1% part of
the consumption period

is the sum of the seasonal adjustment shape
values for the same time period as is covered
by kWhpl

is the difference in kWh between the first
validated meter reading during the
consumption period and the 1* validated
meter reading after the consumption
period

is the sum of the seasonal adjustment shape
values for the relevant days in the latter part of
the consumption period

is the sum of the seasonal adjustment shape
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4A

values for the same time period as is covered
by kWhpz.

Historical estimates using approved profile

10
(1)

(2)

If the Authority has approved a profile for the purpose of

apportioning volume information (in kWh) to part or full

consumption periods, a reconciliation participant—

(a) may use the profile despite the relevant seasonal

adjustment shape being available; and

(b) if it uses the profile, must otherwise prepare the

historical estimate in accordance with the methodology
in clause 4.

Historical estimates without seasonal adjustment

If a seasonal adjustment shape is not available, either due to
timing (for the provision of submission information by the 4th
business day of each reconciliation period) or for any other
reason, and the reconciliation participant is not using an
approved profile under clause 4A, the methodology for
preparing an historical estimate of volume information for
each ICP must be the same as in clause 4, except that the
relevant quantities kWhp, must be prorated as determined by
the reconciliation participant using its own methodology or
on a flat shape basis using the relevant number of days that
are—

(@) within the consumption period; and

(b)  within the period covered by kWhp,.

Reporting requirements

By 1600 hours on the 13th business day of each
reconciliation period, each reconciliation participant must
report to the reconciliation manager the proportion of
historical estimates prepared under clauses 4 or 4A, per NSP
contained within its non half hour submission information.
By 1200 hours on the last business day of each
reconciliation period, the reconciliation manager must
provide to the Authority a report of the proportion of historical
estimates prepared under clause 4 or clause 4A, per NSP;
and per reconciliation participant, being used to create non
half hour consumption information in respect of each
consumption period being reconciled, and the Authority
must publish the information.
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(3) The proportion of submission information per retailer per
NSP that is comprised of historical estimates prepared under
clause 4 or clause 4A must, unless exceptional
circumstances exist, be—

(&) atleast 80% for revised data provided at the month 3
revision; and

at least 90% for revised data provided at the month 7
revision; and

100% for revised data provided at the month 14 revision.

(b)
(c)

Assessment of
proposed Code
amendment
against the
Authority’s
objective and
section 32(1) of the
Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would contribute
to the efficient operation of the electricity industry.

The proposed amendment would improve the efficient operation of
the electricity industry by clarifying the Code requirements relating to
the use of historical estimates and forward estimates, for example by
encouraging the use of historical estimates over forward estimates.
This would make the Code easier to understand and reducing
participants’, and the Authority’s, compliance costs.

The proposed Code amendment is expected to have little or no
effect on competition and the reliable supply of electricity.

Assessment The Authority is satisfied the proposed Code amendment is
against Code consistent with the Code amendment principles, as described below.
amendment
principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses an identified problem with the Code, which requires a
Code amendment to resolve.

Principle 3: The costs of the proposed Code amendment can be readily

Quantitative guantified. However, it has not been practicable to quantify all of the

Assessment benefits. Hence, a partial quantitative assessment of the proposed
amendment’s costs and benefits has been undertaken (see below).

Regulatory

statement

Objectives of the
proposed
amendment

The objective of the proposal is to clarify the Code requirements to
ensure reconciliation participants use historical estimates over
forward estimates, to reduce electricity market transaction costs.

Evaluation of the
costs and benefits
of the proposed

The Authority considers the proposed amendment would have a
positive net benefit.
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amendment

Costs

We expect there would be no incremental costs imposed on
participants. This is because the proposed Code amendment would
align the Code with industry practice.

Benefits

A benefit of the proposed Code amendment is to avoid unnecessary
compliance costs. These costs arise from participants allegedly
breaching the Code, by using a profile approved by the Authority
when preparing an historical estimate.

The Authority estimates there would be a potential cost of
approximately $250 per year if an auditor were to allege that a
reconciliation participant had breached the Code, by using an
approved profile instead of the seasonal adjustment shape.*

Currently, three participants use an approved profile instead of the
seasonal adjustment shape. If we assume three alleged breaches of
the Code each year, for the next 15 years, in relation to this use of
approved profiles, the present value benefit of removing this
compliance cost would be approximately $6,500.°

A further benefit of the proposed amendment would be better
ensuring reconciliation participants use historical estimates over
forward estimates. This would improve the quality of volume
information, thereby promoting accurate clearing and settlement of
the wholesale electricity market.

A final key benefit of the proposed amendment is to make it easier
for participants to understand and comply with their Code
obligations. This would reduce the ongoing costs for participants
(especially traders) of transacting in the electricity market, which
would be a productive economic efficiency benefit.

Net benefit

Based on the analysis above, the Authority is satisfied the benefits of
the proposed amendment outweigh the costs.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has not identified an alternative means of achieving
the objectives of the proposed Code amendment.

This relates to staff time, for the auditor, the reconciliation participant, and the Authority.
Using a real discount rate of 8%.
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2019-06 Clarifying definition of Point of Connection

Reference 2019-06 Clarifying definition of Point of Connection
number(s)

Problem definition | Part 1 of the Code defines “point of connection” to mean—

a point at which electricity may flow into or out of a network
and, for the purposes of Technical Code A of Schedule 8.3,
means a grid injection point or a grid exit point.

It has been put to the Authority that this definition means a three-
phase metering installation is, in fact, three points of connection. A
participant contends that each phase of a three phase metering
installation is a separate “point” of connection between load and/or
generation, and the network to which the load and/or generation is
connected.

The Authority disagrees with this interpretation—we consider it to be
too narrow. The definition of “point of connection” does not prevent
multiple phases being connected at the same point at which the
electrical arrangements internal to load and/or generation connect to
the electrical arrangements of a network. The definition does not
specify what form that connection may or may not take.

We consider it problematic that the definition can be interpreted in
the manner put to us. It means the Code is not as clear and easy to
understand as it could be.

Proposal To address this problem, the Authority proposes to amend the
definition of “point of connection” to explicitly state that a point of
connection can have multiple phases or conductors, with load in
either direction.

The intent is that the meaning of “point of connection” includes the
entire connection for an ICP, regardless of how many individual
phases or wires are needed for the connection.

Proposed Code Part 1

amendment 1.1 Interpretation

(1)

point of connection means—

(a) __a point at which electricity may flow, via one or more
phases or conductors—

() ___into or out of a network; or

(i) both into and out of a network at the same time;
and;

(b) _for the purposes of Technical Code A of Schedule 8.3,
means a grid injection point or a grid exit point
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Assessment of
proposed Code
amendment

against section
32(1) of the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would contribute
to the efficient operation of the electricity industry.

The proposed amendment would improve the efficient operation of
the electricity industry by clarifying the Code requirements relating to
a point of connection. This would make the Code easier to
understand and would reduce participants’, and the Authority’s,
compliance costs.

The proposed Code amendment is expected to have little or no
effect on competition and the reliable supply of electricity.

Assessment The Authority is satisfied the proposed Code amendment is
against Code consistent with the Code amendment principles, as set out below.
amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses an identified problem with the Code, which requires a
Code amendment to resolve.

Principle 3: The costs, and some of the benefits, of the proposed Code

Quantitative amendment can be quantified. However, it has not been practicable

Assessment to quantify all of the benefits. Hence, a partial quantitative
assessment of the proposed amendment’s costs and benefits has
been undertaken (see below).

Regulatory

statement

Objectives of the
proposed
amendment

The objective of the proposal is to clarify the Code requirements
relating to a point of connection, to reduce electricity market
transaction costs.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The Authority considers the proposed Code amendment would place
no additional costs on participants. This is because current industry
practice is aligned with the proposed amendment.

Benefits

The primary benefit of the proposed amendment is to clarify the
Code. This would reduce the time and effort spent by:

a) participants understanding the Code in order to meet their
Code obligations
b) the Authority informing participants about their Code
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obligations
c) the Authority and participants addressing matters related to
participants’ compliance with their Code obligations.

Based on its experience over the past few years, the Authority
estimates it and participants might avoid thousands of dollars in
compliance-related costs under the Code amendment proposal.*

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment outweigh the costs.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has not identified an alternative means of achieving
the objectives of the proposed Code amendment.

Primarily in legal fees and staff time.
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2019-07 Clarifying definitions of Block Security Constraint and Station Security Constraint

Reference 2019-07 Clarifying definitions of Block Security Constraint and
number(s) Station Security Constraint

Problem definition | The definitions of “block security constraint” and “station security
constraint” in Part 1 of the Code are not as clear as they could be.
This makes the Code harder to understand and comply with than is
necessary.

The Code defines “block security constraint” and “station security
constraint” as follows:

block security constraint means any of the following:

(@) aconstraint applied by the system operator to a
generating unit or generating station to provide
voltage support or frequency keeping as determined
in accordance with Part 8

(b) alimitation in the offered capacity of a grid owner’s
network to convey electricity between generating
stations constituting a block dispatch group

(c) alimitation in the offered capacity of a grid owner’s
network to convey electricity between generating
stations constituting a block dispatch group and a grid
owner’s network—

and, in paragraphs (b) and (c), such a limitation in the offered
capacity being the offered capacity of a grid owner’s network
or a grid system security constraint as determined by the
system operator in accordance with Part 8

station security constraint means any of the following:

(a) a constraint applied by the system operator to a
generating unit to provide voltage support or
frequency reserve capacity as determined in accordance
with Part 8:

(b) alimitation in the offered capacity of a grid owner’s
network to convey electricity between generating units
constituting a station dispatch group:

(c) alimitation in the offered capacity of a grid owner’s
network to convey electricity between generating
units constituting a station dispatch group and a grid
owner’s network—

and, if in paragraphs (b) and (c) above, the limitation in the
offered capacity is either the offered capacity of a grid
owner’s network or a grid system security limit, as
determined by the system operator in accordance with Part 8
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Problem 1

The policy intent of paragraph (a) in each definition is that a security
constraint applied by the system operator can be the result of the
need for voltage support or frequency keeping. Paragraph (a) of the
definition of block security constraint clearly expresses this policy
intent by using the words “voltage support or frequency keeping”.
However, paragraph (a) of the definition of station security constraint
does not express this policy intent as clearly, because it uses the
words “voltage support or frequency reserve capacity”.

Problem 2

The references to “Part 8” in the definitions of block security
constraint and station security constraint were inserted when the
Code was made in 2010. Previously, under the Electricity
Governance Rules 2003 (EGRs), the references were to Part C of
the EGRs.

When the Code was first drafted, most of Part C of the EGRs was
placed in Part 8. However, the system operator’s principal
performance obligations (PPOs) were placed in Part 7.

The system operator’s first PPO is relevant to paragraph (a) in each
of the definitions of block security constraint and station security
constraint.* By not referring to Part 7 of the Code, and thereby not
referencing the system operator’s first PPO, the definitions of “block
security constraint” and “station security constraint” do not
adequately provide for a system security constraint to limit grid
capacity.

Problem 3
As currently drafted, the definitions of block security constraint and

station security constraint each say that a limitation in the offered
capacity of a grid owner’s network is either:

a) the offered capacity of the grid owner’s network; or

b) a grid system security constraint / limit, as determined by the
system operator.

The current drafting makes the two definitions unnecessarily hard to
understand and comply with.

For example, “network” is defined in Part 1 of the Code to mean “the
grid, a local network or an embedded network”. Therefore, the
definitions of block security constraint and station security constraint
could be interpreted as applying to a network other than the grid, in

Under its first PPO, the system operator must dispatch assets made available in a manner that avoids cascade
failure of assets, resulting in a loss of electricity to consumers, arising from—

a) a frequency or voltage excursion; or

b) a supply and demand imbalance.
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instances where a grid owner owns a local network and/or
embedded network.?

Another example is the use of “offered capacity” in paragraphs (b)
and (c) of the definitions of block security constraint and station
security constraint. This could be interpreted as requiring the system
operator to ask a grid owner to revise the grid owner’s offered
network capacity if the system operator were to determine a grid
system security constraint.

A third example is the use of “grid system security constraint” in the
definition of “block security constraint” and ““grid system security
limit” in the definition of “station security constraint”. The term
“constraint” is defined in Part 1 of the Code, whereas “limit” takes its
ordinary meaning.

Proposal Problem 1

To address problem 1, the Authority proposes to replace the words
“frequency reserve capacity” with the words “frequency keeping” in
the definition of “station security constraint”.

Problem 2

To address problem 2, the Authority proposes to insert references to
Part 7 of the Code in the definitions of “block security constraint” and
“station security constraint”.

Problem 3

To address problem 3, the Authority proposes to amend the
definitions of “block security constraint” and “station security
constraint”, to clarify:

a) that each definition refers to a limitation in the capacity of the
grid

b) that a limitation in the capacity of the grid can arise because
of—

i) a limitation in the offered capacity of the grid; or
ii) a grid system security constraint

c) to replace the words “grid system security limit” in the
definition of “station security constraint” with the words “grid
system security constraint”, which is consistent with the
definition of “block security constraint”. The term “constraint”
is more appropriate than “limit”, because it is defined in Part 1
of the Code to mean “a limitation in the capacity of the grid to
convey electricity caused by limitations in capability of
available assets forming the grid or limitations in the
performance of the integrated power system”.

For example, the local network owner, Westpower, is also a grid owner because it owns some of the West Coast
transmission network that forms part of the grid.
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The Authority also proposes making minor drafting changes to both
definitions, to replace the first reference (in each definition) to
“constraint” with “limitation”. The term ‘constraint’ is a defined term,
but the definition does not apply in these situations.

Proposed Code
amendment

Part 1

1.1
(1)

Interpretation

block security constraint means any of the following:

(a) a constraint limitation applied by the system operator to
a generating unit or generating station to provide
voltage support or frequency keeping as determined
in accordance with Parts 7 and 8;

(b) alimitation in capacity that:

() __is a limitation in the effered capacity of a-grid
ewnersnetwork the grid to convey electricity
between _either:

(A) __generating stations constituting a block
dispatch group; or

B T , ,
B : I I I yorag
between generating stations constituting a

block dispatch group and a-grid-owners
netweork the grid;— and;

(i) inparagraphs{b)yand{e),such arises because of

either—

(A) alimitation in the effered-capacity-being-the
offered capacity of a-grid-ewners network

the grid; or
(B) _agrid system security constraint as
determined by the system operator in

accordance with Parts 7 and 8

station security constraint means any of the following:

(a) a censtraintlimitation applied by the system operator to
a generating unit to provide voltage support or

frequeney reserve-capaeity frequency keeping as

determined in accordance with Parts 7 and 8:

(b) alimitation in capacity that:

(i) __is a limitation in the-effered capacity of a-grid
ewner's network the grid to convey electricity
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between _either—

(A) __generating units constituting a station
dispatch group; or

B TR , :
B : I I I yoray
between generating units constituting a
station dispatch group and a-grid-ewners
netweork the grid;— and;
(i) #inparagraphs(b)and{c)above the-arises
because of either:
(A) alimitation in the effered-capacity-is-either

the offered capacity of a-grid-owner's
network the grid; or

(B) _agrid system security lmit constraint, as
determined by the system operator in
accordance with Parts 7 and 8

Assessment of
proposed Code
amendment

against section
32(1) of the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would contribute
to the efficient operation of the electricity industry.

The proposed amendment would improve the efficient operation of
the electricity industry by clarifying the Code requirements relating to
block security constraints and station security constraints, thereby
making the Code easier to understand and reducing compliance
costs.

The proposed Code amendment would also promote the reliable
supply of electricity to the extent that it reduced the possibility of a
misunderstanding over whether a block security constraint or station
security constraint should be applied.

The proposed amendment is expected to have no effect on
competition.

Assessment The Authority is satisfied the proposed Code amendment is

against Code consistent with the Code amendment principles, as described below.
amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses an identified problem with the Code, which requires a
Code amendment to resolve.
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Principle 3: It has not been practicable to quantify the costs and benefits of the

Quantitative proposed Code amendment. Hence, a qualitative assessment of the

Assessment proposed amendment’s costs and benefits has been undertaken
(see below).

Regulatory

statement

Objectives of the
proposed
amendment

The objective of the proposal is to clarify the Code requirements
relating to block dispatch constraints and station dispatch
constraints, to reduce electricity market transaction costs.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

We expect the proposed amendment would place no additional costs
on industry participants. If it did, these would be negligible—perhaps
some minor updating of procedures by the grid owner and/or system
operator.

Benefits

The primary benefit of the proposed amendment is to clarify the
Code. This would reduce the time and effort spent by participants
(primarily the grid owner, system operator and generators)
understanding the Code in order to meet their Code obligations.
Similarly, improving clarity would reduce time and effort for the
Authority to enforce compliance with Code obligations using the
security constraint definitions.

Net benefit

Based on the above assessment, the Authority is satisfied the
benefits of the proposed Code amendment would outweigh the
costs.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has not identified an alternative means of achieving
the objectives of the proposed Code amendment.
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2019-08 Clarifying manner of providing final audit report and compliance plan

Reference
number(s)

2019-08 Clarifying manner of providing final audit report and
compliance plan

Problem definition

Problem 1
Clause 16A.13 of the Code—

a) sets out when a participant must give a final audit report to
the Authority

b) requires a participant to submit a compliance plan to the
Authority when it gives a final audit report to the Authority
(provided the audit report identifies breaches or potential
breaches of the Code)

c) requires each compliance plan and audit report to be in the
form prescribed by the Authority

d) requires that each compliance plan specify:

i) the actions the participant intends to take to address
any breaches or potential breaches of the Code
identified in the audit report

i) the timeframes within which the participant intends to
complete those actions.

However, clause 16A.13 does not specify that a final audit report and
compliance plan must be given to the Authority in the prescribed
manner—via the audit portal. This raises the possibility that some
participants may not use the audit portal. This would mean the
Authority would incur unnecessary administration costs.

Problem 2

The policy intent of clause 16A.13(3) is that the participant must
provide a final audit report to the Authority in the form prescribed by
the Authority. However, this clause refers to “audit report” rather than
“final audit report”, and does not specify to whom the obligation
applies. This duplicates the requirement of clause 16A.12(1)(a).

Proposal

Problem 1

To address problem 1, the Authority proposes to amend clause
16A.13(3) of the Code to clarify that a participant must provide a final
audit report and compliance plan to the Authority in the manner
prescribed by the Authority.

Problem 2

To address problem 2, the Authority proposes to amend clause
16A.13(3) to clarify that the participant must provide a final audit
report to the Authority in the form prescribed by the Authority.

Proposed Code
amendment

Part 16A

16A.13 Participants to give final audit report and compliance
plan to the Authority

(1) A participant must give the final audit report to the Authority
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no later than the date by which the audit is due to be

completed.

(2) Each participant must submit a compliance plan to the
Authority when it gives a final audit report to the Authority
under subclause (1).

(3) Each participant must provide the compliance plan and final
audit report must—

(a) beinthe prescribed form; and

(b) in the manner specified by the Authority.

(4) Each compliance plan must specify—

(@) the actions that the participant intends to take to
address any breaches or potential breaches of this Code
identified in the audit report; and

(b) the time frames within which the participant intends to
complete those actions.

(5 Subclause (2) does not apply if the relevant final audit report in
relation to a participant identifies no breaches or potential
breaches of this Code.

Assessment of
proposed Code
amendment

against section
32(1) of the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would contribute
to the efficient operation of the electricity industry.

The proposed amendment would improve the efficient operation of
the electricity industry by clarifying the Code requirements relating to
the manner in which final audit reports and compliance plans are
provided to the Authority. This would reduce the overall cost of
administering an audit.

The proposed Code amendment is expected to have no effect on
competition and the reliable supply of electricity.

Assessment The Authority is satisfied the proposed Code amendment is

against Code consistent with the Code amendment principles as discussed below.
amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly

Identified

Efficiency Gain or

Market or

Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses an identified problem with the Code, which requires a
Code amendment to resolve.

Principle 3:
Quantitative
Assessment

The costs, and some of the benefits, of the proposed Code
amendment can be quantified. However, it has not been practicable
to quantify all of the benefits. Hence, a partial quantitative
assessment of the proposed amendment’s costs and benefits has
been undertaken (see below).
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Regulatory
statement

Objectives of the
proposed
amendment

The objective of the proposal is to clarify that participants must
provide final audit reports and compliance plans to the Authority in
the manner specified by the Authority, to reduce electricity market
transaction costs.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The Authority considers the proposed Code amendment will place
very little, if any, additional costs on participants. This is because
almost all participants currently provide final audit reports and
compliance plans to the Authority via the audit portal. Also, even if a
participant does not currently use the audit portal, they will still incur
costs in submitting the audit report, by whatever alternative means
are used.

Benefits

The primary benefit of the proposed amendment is avoiding the
possibility that some participants may not use the audit portal. This
would mean the Authority would incur unnecessary administration
costs.

The Authority estimates it would avoid approximately $1,000 —
$5,000 in costs over the next 15 years,1 under the Code amendment
proposal. This is based on an average of 1 — 2 participants not using
the portal over this period.

A second, minor, benefit of the proposed Code amendment is to
clarify the Code. This reduces the time and effort spent by:

a) participants understanding the Code in order to meet their
Code obligations

b) the Authority liaising with participants over their Code
obligations.

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment outweigh the costs.

Evaluation of
alternative means
of achieving the
objectives of the
proposed
amendment

The Authority has not identified an alternative means of achieving
the objectives of the proposed Code amendment.

These costs would relate to staff time.
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2019-09 Clarifying use of “electricity supplied” in clause 15.8

Reference 2019-09 Clarifying use of “electricity supplied” in clause 15.8
number(s)

Problem definition | Under clause 15.8 of the Code, each retailer and direct purchaser
(excluding direct consumers) must provide the reconciliation
manager with the total monthly quantity of electricity supplied for
each half hourly metered ICP for which the retailer or direct
purchaser provided submission information to the reconciliation
manager, including—

a) submission information for the immediately preceding
consumption period

b) revised submission information, provided in accordance with
clause 15.4(2).

The reconciliation manager uses the information provided under
clause 15.8 to:

a) report to each retailer / direct purchaser their monthly totals
for half hourly metered ICPs for which submission information
has not been received within the time required by the Code*

b) report all half hourly metered ICPs that have switched retailer
and direct purchaser in the previous two months and for
which consumption has changed by a percentage determined
by the Authority (currently 10%).

The Authority has identified that the words “electricity supplied” in
clause 15.8 are not conveying the policy intent of this clause.

Part 1 of the Code defines “electricity supplied” as follows:

electricity supplied means, for any particular period, the
information relating to the quantities of electricity supplied by
retailers across points of connection to consumers,
sourced directly from the retailer’s financial records, including
guantities—

(a) that are metered or unmetered; and

(b)  supplied through normal customer supply and billing
arrangements; and

(c) supplied under sponsorship arrangements; and

(d) supplied under any other arrangement

Problem 1

This term does not apply to direct purchasers, who are defined to be
consumers that purchase, or agree to purchase, electricity directly

Refer to clause 25(d) of Schedule 15.4, and to GR-090 in the reconciliation manager functional specification available at
https://www.ea.govt.nz/operations/market-operation-service-providers/reconciliation-manager/.

Refer to clause 25(f) of Schedule 15.4, and to GR-110 in the reconciliation manager functional specification available at
https://www.ea.govt.nz/operations/market-operation-service-providers/reconciliation-managetr/.
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from the clearing manager for their own consumption at a point of
connection.®

Problem 2

The purpose of clause 15.8 is to help identify half hourly metered
ICPs for which:

a) submission information has not been provided to the
reconciliation manager; or

b) submission volumes have changed following a switch to
another retailer.

Sourcing the information to be provided under clause 15.8 from
retailers’ / direct purchasers’ financial records does not enable the
purpose of clause 15.8 to be met, because as-billed volumes do not
always align with volumes sourced from metering data.*

Proposal To address the problems identified above, the Authority proposes to
amend clause 15.8 of the Code to clarify that a retailer or direct
purchaser (excluding direct consumers) must provide the
reconciliation manager with a file containing monthly totals of
metered, not billed, consumption data by individual half hourly

metered ICP.
Proposed Code 15.8 Retailer and direct purchaser half hourly metered ICPs
amendment monthly  kWh information

Using relevant volume information, each-Eaeh retailer and
direct purchaser (excluding direct consumers) must deliver
to the reconciliation manager the retailers-or-direct
purehaser's-total monthly quantity of electricity supplied-for
consumed at each half hourly metered ICP for which the
retailer or direct purchaser has provided submission
information to the reconciliation manager, including—

(@) submission information for the immediately preceding
consumption period, by 1600 hours on the 4th
business day of each reconciliation period; and

(b) revised submission information provided in
accordance with clause 15.4(2), by 1600 hours on the
13th business day of each reconciliation period.

Assessment of The proposed Code amendment is consistent with the Authority’s
proposed Code objective, and section 32(1)(c) of the Act, because it would contribute
amendment to the efficient operation of the electricity industry.

against section

The proposed amendment would improve the efficient operation of
32(1) of the Act prop would improv icient operati

the electricity industry by clarifying the policy intent of clause 15.8.
This would reduce retailers’ and direct purchasers’ costs of

Refer to clause 1.1(1) of the Code.

In other words, the volumes a retailer / direct purchaser invoiced its customers in a given month will not always align with
the customers’ consumption during that month.

59



understanding and complying with the Code.

The proposed Code amendment is expected to have no effect on
competition and the reliable supply of electricity.

Assessment The Authority is satisfied the proposed Code amendment is
against Code consistent with the Code amendment principles, as set out below.
amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses an identified problem with the Code, which requires a
Code amendment to resolve.

Principle 3: The costs, and some of the benefits, of the proposed Code

Quantitative amendment can be quantified. However, it has not been practicable

Assessment to quantify all of the benefits. Hence, a partial quantitative
assessment of the proposed amendment’s costs and benefits has
been undertaken (see below).

Regulatory

statement

Objectives of the
proposed
amendment

The objective of the proposal is to reduce electricity market
transaction costs by clarifying the policy intent of clause 15.8.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The Authority expects the proposed Code amendment would place
no additional cost on industry participants. This is because current
industry practice is aligned with the proposed amendment.

Benefits

The primary benefit of the proposed amendment is to clarify the
policy intent of clause 15.8. This reduces the time and effort spent
by:

a) participants understanding the Code in order to meet their
Code obligations

b) the Authority informing participants about their Code
obligations

¢) the Authority and participants addressing matters related to
participants’ compliance with their Code obligations.

Based on its experience over the past 5 years, the Authority
estimates the reduction in auditing and compliance costs associated
with the current drafting of clause 15.8 over the next 15 years might
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be $35,000 — $85,000.

This is based on avoiding, each year, 20 — 25 instances of an auditor
alleging that a trader had breached clause 15.8. We estimate each
such incidence would have an economic cost in the range of
approximately $200 — $400.°

Net benefit

Based on the above analysis, the Authority is satisfied the benefits of
the proposed Code amendment would outweigh the costs.

Evaluation of The Authority has not identified an alternative means of achieving
alternative means | the objectives of the proposed Code amendment.

of achieving the
objectives of the
proposed
amendment

This relates to staff time for the auditor and the trader.
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2019-10 Improving the process for converting secondary networks

Reference 2019-10 Improving the process for converting secondary networks
number(s)

Problem definition | In its review of secondary networks, the Retail Advisory Group
identified some operational efficiency problems associated with:

a) Converting an embedded network to another type of
secondary network

b) Converting a network extension to another type of secondary
network.*

Under the Authority’s Switch Process Review, the Authority is
considering operational efficiency problems associated with the
process by which a secondary network is converted to another type
of secondary network. However, the outcomes from the Review may
be a couple of years away.

Three of the problems identified by the Retail Advisory Group can be
addressed relatively easily and quickly. Therefore, we propose
addressing these three problems under this 2019 Code Review
Programme, rather than including them in the Switch Process
Review.

Including these three problems in this Code Review Programme will
not impose material additional costs on participants. This is because
there is little likelihood of the Switch Process Review materially
changing the requirements proposed under the 2019 Code Review
Programme.

Problem 1

The Code requires that, before an embedded network or network
extension can be converted to another type of secondary network,
each retailer trading on the embedded network or the network
extension must:

a) consent to the secondary network’s ICP identifiers having
their status in the registry changed to ‘Decommissioned’, for
the conversion of an embedded network or network extension
to a customer network

b) consent to the transfer of ICP identifiers in the registry, for the
conversion of:

Refer to:

a) The Retail Advisory Group’s 2015 discussion paper entitled ‘Review of secondary networks: Issues and options
paper’, available on the Authority’s website at https://www.ea.govt.nz/dmsdocument/19321-review-of-secondary-
networks-issues-and-options-paper.

b) The Retail Advisory Group’s 2017 report to the Authority entitled ‘Review of secondary networks: Report’, available
on the Authority’s website at https://www.ea.govt.nz/dmsdocument/22147-rag-report-review-of-secondary-networks.
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i) an embedded network to a network extension
i) a network extension to an embedded network.?

However, currently, the Code does not specify a timeframe for
obtaining retailers’ consent to converting an embedded network or
network extension to another type of secondary network. Also, the
Code does not prohibit a retailer from unreasonably withholding or
delaying its agreement to the network conversion. The Authority is
aware that some conversions to, or from, an embedded network
have been delayed by retailers refusing to agree to them.

As a result of the current design of the Code, the following
inefficiencies can arise:

a) aretailer feels compelled (eg, for reputational reasons) to
consent to a network conversion with a timeframe that
causes the retailer to breach contracts it has in place (eg,
with consumers or MEPs on the embedded network / network
extension)

b) a retailer may unreasonably delay or withhold giving its
consent to the network conversion, even though its
customers on the embedded network / network extension
agree to the conversion. This could impose costs on the
secondary network owner and/or other retailers, as well as on
consumers.

Problem 2

When an embedded network is converted to a customer network,
amongst other things:®

a) all of the embedded network’s ICP identifiers must have their
status in the registry changed to ‘Decommissioned’

b) the network supply point (NSP) identifier for the NSP
between the embedded network and its parent network must
have its status in the registry changed to ‘Decommissioned’.*

The efficient operation of the electricity market can be adversely
affected (eg, in particular, the accuracy of the reconciliation process),
if the NSP identifier is recorded in the registry as ‘Decommissioned’
before all of the embedded network’s ICP identifiers have had their
status in the registry changed to ‘Decommissioned'.

Problem 3

When an embedded network is converted to a network extension,
amongst other things:®

Refer to clauses 5 and 6 of Schedule 11.2 of the Code.

For further information, please see the secondary networks guidelines, available on the Authority’s website at:
https://www.ea.govt.nz/dmsdocument/607 7-guidelines-for-metering-reconciliation-and-registry-arrangements-for-
secondary-networks.

The NSP identifier will be replaced with an ICP identifier.
For further information, please see the secondary networks guidelines, available on the Authority’s website at:
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a) all of the embedded network’s ICP identifiers are transferred,
in the registry, from the embedded network’s NSP identifier to
the relevant parent network’s NSP identifier

b) the NSP identifier for the NSP between the embedded
network and its parent network must have its status in the
registry changed to ‘Decommissioned’.

The efficient operation of the electricity market can be adversely
affected (eg, in particular, the accuracy of the reconciliation process),
if the NSP identifier is recorded in the registry as ‘Decommissioned’
before all of the embedded network’s ICP identifiers are transferred
in the registry from the embedded network’s NSP identifier to the
relevant parent network NSP identifier.

Proposal Problem 1

To address problem 1, the Authority proposes to amend Schedule
11.2 of the Code.

Under the proposed amendment, all participants (other than market
operation service providers) affected by a proposed conversion of an
embedded network or a network extension to another type of
secondary network, would have 40 business days to consent to the
conversion. The period could be varied from 40 business days, if all
affected parties agreed to the alternative period.

If a distributor or trader does not reply to a request for consent, the
applicant distributor must within that 40 day period:

a) check the registry to ensure it is approaching the correct
distributor or trader

b) make reasonable endeavours to contact the distributor or
trader and obtain a response.

If, despite the above, the distributor or trader does not provide a

response by the end of the 40 day period, the response is deemed to

be consent.

The 40 business day period would be consistent with the Retail
Advisory Group’s recommendation to the Authority.° It is designed to
give retailers sufficient time to:

a) assess the requirements of the proposed secondary network

b) make any necessary changes to the configuration of their
systems

€c) communicate price changes or contract cessation notices to
their customers, in accordance with the notice period(s) set
out in the contract with their customers on the secondary
network’

https://www.ea.govt.nz/dmsdocument/6077-quidelines-for-metering-reconciliation-and-registry-arrangements-for-
secondary-networks.

Refer to paragraph 7.50 of the Retail Advisory Group’s 2017 report to the Authority entitled ‘Review of secondary
networks: Report’.

A common notice period for a price change is 30 days.

64


https://www.ea.govt.nz/dmsdocument/6077-guidelines-for-metering-reconciliation-and-registry-arrangements-for-secondary-networks
https://www.ea.govt.nz/dmsdocument/6077-guidelines-for-metering-reconciliation-and-registry-arrangements-for-secondary-networks

d) amend, as necessary, any arrangements with MEPSs in
relation to the secondary network.

Problem 2

To address problem 2, the Authority proposes to amend clause 25 of
Schedule 11.1 of the Code. For the conversion of an embedded
network to a customer network, an embedded network owner would
not be permitted to set a date after which it would be no longer
responsible for the embedded network’s NSP identifier, unless:

a) the embedded network owner has changed the status of all of
the embedded network’s ICP identifiers in the registry to
‘Decommissioned’; or

b) each ICP on the NSP has been recorded as being connected
to a different NSP; or

a combination of a) and b), so that each ICP on the NSP is either
‘Decommissioned’ or transferred.

Problem 3

To address problem 3, the Authority proposes to amend clause 25(5)
of Schedule 11.1 of the Code.

For the conversion of an embedded network to a network extension:

a) an embedded network owner would not be permitted to end
date the embedded network’s NSP identifier, unless

b) the embedded network owner has assigned all of the
embedded network’s ICP identifiers with an ‘Active’ or
‘Inactive’ status in the registry to the relevant parent network
NSP identifier.

Proposed Code
amendment

Schedule 11.1 Creation and management of ICPs, ICP
identifiers and NSPs

25 Creation and decommissioning of NSPs and transfer of
ICPs from 1 distributor’s network to another distributor’s
network

(1) Ifan NSP is to be created or decommissioned,—

(@) the participant specified in subclause (3) in relation to
the NSP must give written notice to the reconciliation
manager of the creation or decommissioning; and

(b) the reconciliation manager must give written notice to
the Authority and affected reconciliation participants
of the creation or decommissioning no later than
1 business day after receiving the notice in
paragraph (a).

(2) If adistributor wishes to change the record in the registry of
an ICP that is not recorded as being usually connected to an
NSP in the distributor’'s network, so that the ICP is recorded
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3)

as being usually connected to an NSP in the distributor’s
network (a "transfer"), the distributor must give written notice
to the reconciliation manager, the Authority, and each
affected reconciliation participant of the transfer.

The notice required by subclause (1) must be given by—
(@) the grid owner, if—
(i) the NSP is a point of connection between the
grid and a local network; or

(i) if the NSP is a point of connection between a
generator and the grid; or

(b) the distributor for the local network who initiated the
creation or decommissioning, if the NSP is an
interconnection point between 2 local networks; or

(c) the embedded network owner who initiated the creation
or decommissioning, if the NSP is an interconnection
point between 2 embedded networks; or

(d) the distributor for the embedded network, if the NSP is
a point of connection between an embedded network
and another network.

(4) Adistributor who is required to give written notice of a
transfer under subclause (2) or subclause (3)(d) must comply
with Schedule 11.2.

(5 An embedded network owner must not give written notice of

decommissioning an NSP under subclause (3)(c) or
subclause (3)(d) unless—

(a) the embedded network owner has changed the status
in the reqgistry of all ICPs recorded as being usually
connected to the NSP to ‘Decommissioned’; or

(b) __adistributor has changed the record in the reqistry of
each ICP previously recorded as being usually
connected to the NSP, and with a status in the reqistry
of ‘Active’ or ‘Inactive’, to record the ICP as being usually
connected to an NSP in the distributor’s network; or

(c) a combination of the changes described in paragraphs
(a) and (b) has occurred, so that no ICP with a status in
the reqistry of ‘Active’ or ‘Inactive’ is recorded as being
connected to the NSP that is to be decommissioned.

Schedule 11.2 Transfer of ICPs between distributors’ networks

5

The applicant distributor must give the Authority confirmation
that the applicant distributor has received written consent to
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the proposed transfer from—

(@) the distributor whose network is associated with the
NSP to which the ICP is recorded as being connected
immediately before the notice, except if the notice relates
to the creation of an embedded network; and

(b) every trader who trades electricity at any ICP
nominated at the time of notice as being supplied from
the same NSP to which the notice relates.

5A _ For the purposes of clause 5, the distributor (under paragraph
(a)) or the trader (under paragraph (b)) is deemed to have
consented to the proposed transfer if the applicant distributor
has requested in writing the distributor’s or trader’s written
consent and—

(a) the distributor or trader (as the case may be)—

(i) has not provided written consent; and

(i) bhas not indicated in writing that it refuses to give
written consent; and

(b) __more than 40 business days (or such other period as
the applicant distributor agrees with the distributor or
trader) have passed since the applicant distributor
requested the distributor’s or trader’s written consent

(c) during the 40 business days (or such other period as
the applicant distributor agrees with the distributor or
trader) the applicant distributor has—

(i) checked the registry to ensure it has sought
consent from the correct distributor or trader; and

(i) _made reasonable endeavours to contact the
distributor or trader and obtain a response.

5B For the purposes of clause 5, the distributor (under paragraph
(a)) or the trader (under paragraph (b)) must not unreasonably
withhold consent to the proposed transfer.

Assessment of
proposed Code
amendment

against section
32(1) of the Act

The proposed Code amendment is consistent with the Authority’s
objective, and section 32(1)(c) of the Act, because it would contribute
to the efficient operation of the electricity industry.

The proposed amendment would improve the efficient operation of
the electricity industry by removing inefficient costs from the process
of converting an embedded network or network extension to a
different type of secondary network. The amendment would also
improve efficiency in the electricity industry by having more accurate
information in the registry.

The proposed Code amendment is expected to have little or no
effect on competition and the reliable supply of electricity.

Assessment

The Authority is satisfied the proposed Code amendment is
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against Code

consistent with the Code amendment principles, as discussed below.

amendment

principles

Principle 1: The proposed Code amendment is consistent with the Act, as
Lawfulness. discussed above in relation to the Authority’s statutory objective and

the requirements set out in section 32(1) of the Act.

Principle 2: Clearly
Identified
Efficiency Gain or
Market or
Regulatory Failure

The proposed Code amendment is consistent with principle 2 in that
it addresses an identified efficiency gain, which requires a Code
amendment to resolve.

Principle 3: It has not been practicable to quantify the estimated costs and

Quantitative benefits of the proposed Code amendment. Hence, a qualitative

Assessment assessment of the proposed amendment’s costs and benefits has
been undertaken (see below).

Regulatory

statement

Objectives of the
proposed
amendment

The objective of the proposal is to reduce electricity market
operational costs by removing inefficiencies from the process for
converting embedded networks and network extensions to other
secondary network types.

Evaluation of the
costs and benefits
of the proposed
amendment

The Authority considers the proposed Code amendment would have
a positive net benefit, for the reasons set out below.

Costs

The Authority expects the proposed Code amendment may place a
relatively small one-off incremental cost on participants. This would
be to update processes and/or systems (eg, implementing software
changes to ensure an NSP cannot be decommissioned if ICPs
associated with it are still recorded in the registry with a status of
‘Active’ or ‘Inactive’). We expect this cost would be relatively small
because:

a) the proposed amendment makes a relatively minor change to
the existing process in the Code for converting secondary
networks

b) adding validation to the registry is not particularly difficult

c) several stakeholders indicated this in their feedback on the
Retail Advisory Group’s consultation on secondary networks
in 2015

d) some participants have indicated this in informal discussions
with Authority staff.

Benefits

A key benefit of the proposed Code amendment would be to avoid a
number of unnecessary (and therefore inefficient) costs associated
with converting a secondary network to another type of secondary
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network:

1) Standardisation of the secondary network conversion process
would enable retailers, in particular, but also local network
owners, to reduce the number of processes and procedures
they have to accommodate secondary network conversions.
This is because the retailer / local network owner would not
have to accommodate changes to the conversion process,
from one conversion to the next.

2) Retailers, and possibly local network owners, would be able
to reduce the number of manual workarounds of existing
processes.

3) Retailers would be able to avoid costs associated with
reversing system configuration changes, if a retailer withheld
its consent to a secondary network conversion.®

4) Unnecessary delays associated with secondary network
conversions, resulting in inconvenience for participants and
consumers, would be removed.

Another key benefit of the proposed Code amendment would be that
it would ensure ICP identifiers were recorded in the registry against
the correct network. This in turn would:

a) promote accurate reconciliation, wholesale market
settlement, and consumer invoicing

b) reduce the cost for retailers to serve their customers,
because correct information would be on customer invoices,
which would enable call centre staff to follow appropriate
processes if a customer contacted them.

Net benefit

Based on the above analysis, on balance, the Authority is satisfied
the benefits of the proposed Code amendment outweigh the costs.

Evaluation of The Authority has not identified an alternative means of achieving
alternative means | the objectives of the proposed Code amendment.

of achieving the
objectives of the
proposed
amendment

In some instances, a delay in a retailer giving its consent may have the same effect as the retailer withholding its
consent.
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2019-11 Clarifying when obligations linked to clause 22 of Schedule 11.3 begin

Reference
number(s)

2019-11 Clarifying when obligations linked to clause 22 of Schedule
11.3 begin.

Problem definition

Clause 22 of Schedule 11.3 sets out who the registry manager must
provide written notice to, when it receives information under other
clauses in Schedule 11.3. The notices provided by the registry
manager relate to the process by which consumers switch traders.

Upon receipt of a notice from the registry manager under clause 22
of Schedule 11.3, participants must meet various obligations within
specified periods." It is therefore important to determine exactly
when participants receive a notice from the registry manager under
this clause, for the purpose of calculating the period within which
they must meet their subsequent Code obligations.

It has been the Authority’s intention that a participant receives a
written notice from the registry manager under clause 22 of Schedule
11.3 when the registry manager makes the written notice available
for the participant to collect from the registry.?

However, the current wording of the relevant clauses makes this
intent unclear. As a result, participants and the Authority are
incurring unnecessary transaction costs associated with interpreting
and complying with these clauses.

There is also the potential for switching timeframes to be longer than
intended. This can occur when there is a delay between when the
registry manager makes a notice under clause 22 of Schedule 11.3
available, and when a participant’s system polls the registry’s SFTP
service for, and downloads, the notice.

Proposal

To make it clear when a patrticipant is considered to have received a
notice from the registry manager, the Authority proposes to amend
the following clauses in Part 11:

a) clause 11.15AB
b) clauses 3, 4, 6, 6A, 10, 12, 15, 16, 18, and 22 of Schedule
11.3.

The proposed amendments to these clauses clarify that a
participant’s time-bound obligation begins when the registry manager
makes the written notice under clause 22 of Schedule 11.3 available
to the participant.

We also propose making two minor drafting amendments:

a) amend clause 12(3) of Schedule 11.3 to replace the word
“changed” with the word “revised”, which is much more
commonly used in the Code

b) amend clause 11.15AB to replace “day on which” with “date

Refer to clause 11.15AB and clauses 3, 4, 6, 6A, 10, 12, 15, 16, and 18 of Schedule 11.3.
Via the participant retrieving the files from the registry’s SFTP service.
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on which” to align with the wording used in Schedule 11.3.

Proposed Code
amendment

11.15AB Switch saving protection

(1)

(2)

(3)

(4)

()

This clause applies if a trader (the "protected trader") has
switch saving protection.

If the protected trader enters into an arrangement with a
customer of another trader (the "losing trader") to commence
trading electricity with the customer, the losing trader must
comply with subclause (4).

If a trader enters into an arrangement with a customer of a
protected trader to commence trading electricity with the
customer, the protected trader must comply with subclause

(4).

A losing trader referred to in subclause (2) or a protected
trader referred to in subclause (3) must not, by any means,
initiate contact with the customer to attempt to persuade the
customer to terminate the arrangement referred to in
subclause (2) or subclause (3) (as the case may be) during the
period specified in subclause (5), including by—

(@) making a counter-offer to the customer; or
(b) offering an enticement to the customer.
The period:

(a) _starts on the day date on which_the registry manager,
under clause 22(a) of Schedule 11.3, makes the-trader
receives-written notice of the switch request underclause

22(a)-of-Sehedule-11-3 available to the trader;; and
(b) __ends on the event date for the switch.

Schedule 11.3 Switching

Losing trader response to standard switch request

No later than 3 business days after the date on which the
registry manager, under clause 22(a), makes written
receiving notice of a switch request-from-theregistry manager
under-clause22(a) available to the losing trader, the losing

trader must,—

(@) either—

() acknowledge the switch request by providing the
following information to the registry manager:

(A) the proposed event date; and

(B) avalid switch response code approved by the
Authority; or

71




(1)

(2)

(1)

(2)

(i)  provide the final information specified in clause 5(a)
to (c) to complete the switch; or

(b) [Revoked]

(c) request that the switch be withdrawn in accordance with
clause 17.

Event dates
The losing trader must establish event dates so that—

(@) no event date is more than 10 business days after the
date on-which the registry manager, under clause 22(a),
makes thelosing-trader receives written notice from-the

: , I ith ol E

available to the losing trader; and

(b) in any 12 month period at least 50% of the event dates
established by the losing trader are no more than
5 business days after the date on which_the registry
manager, under clause 22(a), makes thelosing-trader
receives written notice from-theregistry-managerin
acecordance-with-clause-22(a) available to the losing

trader.

For the purpose of determining whether it complies with
subclause (1)(b), the losing trader may disregard every event
date it has established for an ICP for which, when on the date
on which the registry manager, under clause 22(a), made the
lesing-trader received written notice from-theregistry
manager-under-clause-22(a) available to the losing trader, the

losing trader had been responsible for less than 2 months.

Traders must use same reading

The losing trader and the gaining trader must both use the
same switch event meter reading for the event date as
determined by the following procedure:

(a) if the switch event meter reading provided by the losing
trader differs by less than 200 kwh from a value
established by the gaining trader, the gaining trader
must use the losing trader’s switch event meter
reading; or

(b) if the switch event meter reading provided by the losing
trader differs by 200 kWh or more from a value
established by the gaining trader, the gaining trader may
dispute the switch event meter reading.

Despite subclause (1), subclause (3) applies if—

(@) the losing trader trades electricity at the ICP through a
metering installation with a submission type of non half

72




(3)

6A
1)

(2)

10
(1)

hour in the registry; and

(b) the gaining trader will trade electricity at the ICP
through a metering installation with a submission type
of half hour in the registry, as a result of the gaining
trader’s arrangement to trade electricity with the
customer or the embedded generator; and

(c) aswitch event meter reading provided by the losing
trader under subclause (1) has not been obtained from
an interrogation of a certified metering installation
with an AMI flag of Y in the registry.

No later than 5 business days after the date on which

receiving-finakinformation-from the registry manager, under

clause 22(d), makes written notice of switch completion

information undereclause-22(d) available to the gaining

trader,—

(@) the gaining trader may provide the losing trader with a
switch event meter reading obtained from an
interrogation of a certified metering installation with
an AMI flag of Y in the registry; and

(b) the losing trader must use that switch event meter
reading.

Gaining trader disputes reading

If a gaining trader disputes a switch event meter reading
under clause 6(1)(b), the gaining trader must, no later than 4
months after the date on which the registry manager, under
clause 22(d), gives-the-gaining-trader-made written notice of
switch completion information urderclause-22(d} available to
the gaining trader-ef-havingreceived-information-abeoutthe
switch-completion, provide to the losing trader a revised

switch event meter reading supported by 2 validated meter
readings.

On receipt of a revised switch event meter reading from the
gaining trader under subclause (1), the losing trader must
either,—

(a) if the losing trader accepts the revised switch event
meter reading, or does not respond to the gaining
trader, use the revised switch event meter reading; or

(b) if the losing trader does not accept the revised switch
event meter reading, advise the gaining trader (giving
all relevant details) no later than 5 business days after
receiving the revised switch event meter reading.

Losing trader response to switch move request

: - oot 2 cwitel ol :
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(2)

12

(2B)

manager-under-clause22(a)-the The trader that is recorded

in the registry as being responsible for the an ICP_that is
subject to a switch reqguest (the “losing trader”) must, no later
than 5 business days after the date on which the registry
manager, under clause 22(a), makes receiving-the written
notice_of the switch request available to the losing trader,—

(a) ifthe losing trader accepts the event date proposed by
the gaining trader, complete the switch by providing to
the registry manager—

() [Revoked]
(ia) confirmation of the event date; and

(ib) avalid switch response code approved by the
Authority; and

(i) final information in accordance with clause 11; or

(b) if the losing trader